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INTRODUCTION AND QUALIFICATIONS

PLEASE STATE FOR THE RECORD YOUR NAME, POSITION, AND BUSINESS ADDRESS.

My name is Kevin Lucas. Iam the Director of Rate Design at the Solar Energy Industries
Association (SEIA). My business address is 1425 K St. NW #1000, Washington, DC 20005.
PLEASE SUMMARIZE YOUR BUSINESS AND EDUCATIONAL BACKGROUND.

I began my employment at SEIA in April 2017 as the Director of Rate Design. SEIA is
leading the transformation to a clean energy economy, creating the framework for solar to
achieve 20% of U.S. electricity generation by 2030. SEIA works with its 1,000 member
companies and other strategic partners to fight for policies that create jobs in every
community and shape fair market rules that promote competition and the growth of reliable,
low-cost solar power. Founded in 1974, SEIA is a national trade association building a
comprehensive vision for the Solar+ Decade through research, education and advocacy.

As Director of Rate Design, I have developed testimony in rate cases on rate design
and cost allocation, in integrated resource plans on resource selection and portfolio analysis,
worked on the New York Reforming the Energy Vision proceeding on rate design and
distributed generation compensation mechanisms, and performed a variety of analyses for
internal and external stakeholders.

Before I joined SEIA, I was Vice President of Research for the Alliance to Save
Energy (Alliance) from 2016 to 2017, a DC-based nonprofit focused on promoting
technology-neutral, bipartisan policy solutions for energy efficiency in the built environment.
In my role at the Alliance, I co-led the Alliance’s Rate Design Initiative, a working group that
consisted of a broad array of utility companies and energy efficiency products and service
providers that was seeking mutually beneficial rate design solutions. Additionally, I
performed general analysis and research related to state and federal policies that impacted
energy efficiency (such as building codes and appliance standards) and domestic and

international forecasts of energy productivity.
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Q3.
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Q4.
A4,

Prior to my work with the Alliance, I was Division Director of Policy, Planning, and
Analysis at the Maryland Energy Administration, the state energy office of Maryland, where
I worked between 2010 and 2015. In that role, I oversaw policy development and
implementation in areas such as renewable energy, energy efficiency, and greenhouse gas
reductions. I developed and presented before the Maryland General Assembly bill analyses
and testimony on energy and environmental matters, and developed and presented testimony
before the Maryland Public Service Commission on numerous regulatory matters.

I received a Master’s degree in Business Administration from the Kenan-Flagler
Business School at the University Of North Carolina, Chapel Hill, with a concentration in
Sustainable Enterprise and Entrepreneurship in 2009. I also received a Bachelor of Science
in Mechanical Engineering, cum laude, from Princeton University in 1998.

HAVE YOU TESTIFIED PREVIOUSLY BEFORE THE ARIZONA CORPORATION COMMISSION?
No, I have not.

HAVE YOU TESTIFIED PREVIOUSLY BEFORE OTHER STATE UTILITY COMMISSIONS?

Yes. I have testified before the Maryland Public Service Commission in several rate cases
and merger proceedings. Additionally, I have testified before the Maryland Public Service
Commission in several rulemaking proceedings, technical conferences, and legislative-style
panels, covering topics such as net metering, EmPOWER Maryland (Maryland’s energy
efficiency resource standard), and offshore wind regulation development.

I have also submitted testimony in rate cases and integrated resource plans before the
Public Utility Commission of Texas, the Michigan Public Service Commission, the Public
Utility Commission of Nevada, and the Colorado Public Utilities Commission. My complete

CV is attached to my testimony.'

! Attachment KL-1, Kevin M. Lucas CV.
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Q7.
AT.

ON WHOSE BEHALF ARE YOU SUBMITTING TESTIMONY?

My testimony is provided on behalf of Intervenors, SEIA and the Arizona Solar Energy
Industry Association (AriSEIA).

WHAT IS THE PURPOSE OF YOUR TESTIMONY?

My testimony discusses aspects of Arizona Public Service’s (“APS” or the “Company™)
filing related to cost of service and rate design for solar customers and customers combining
solar with energy storage. I examine the Company’s choices in developing its class cost of
service study (“CCOSS”) model that affect how solar customers are evaluated. I consider the
CCOSS results against the Company’s rates to determine whether solar customers are paying
more or less of their cost of service compared to other customer classes.

I then analyze the Company’s system and residential class load profiles to determine
if the current on-peak periods are optimal. From there, I discuss modifications to the
Resource Comparison Proxy (“RCP”) tariff that will provide stability during a time of
unprecedented policy uncertainty and analyze several APS policies that discriminate against
solar customers and that hamper deployment of customer-sited solar and storage systems. [
discuss the Company’s non-residential rates and find several rate design issues that are
unnecessarily holding back investment in solar and solar plus storage systems on medium-
and large-sized businesses and not-for-profit customers. Finally, I propose a “Bring Your
Own Device” program related to distributed energy resources.

PLEASE SUMMARIZE YOUR FINDINGS.

I find the Company’s CCOSS methodology does not conform with Commission requirements
that it be “transparent, accessible, and flexible” and that it directly violates a Commission
order related to the allocation of distribution costs. Further, the Company’s use of site load
(e.g. the load a customer would have absent solar) instead of delivered load (e.g. the load a
customer actually incurs) in its CCOSS process incorrectly allocates costs to solar customers
based on services that were not provided by the Company. When I make appropriate

adjustments to the Company’s CCOSS data, I find that the cost to serve and revenue recovery
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through non-frozen rates for solar customers is in line with similarly-sized non-solar
customers.

In analyzing the Company’s system and residential class load data, I find that the
current definitions of summer and winter seasons are not supported. The summer months
should be shifted to June through September, returning May and October to the non-summer
season. Further, the on-peak and off-peak periods should be shifted one hour earlier, from 3
PMto 8 PM to 2 PM to 7 PM. Realigning the seasons and rates will send more appropriate
price signals to customers to reduce demand during the months and hours when these
reductions are actually useful.

I find that the RCP tariff should be frozen at its current 2019 Tranche level and that
the lock-in period should be extended. These changes will provide needed stability to the
solar industry that is still adapting to the RCP tariff. APS installations have not recovered to
their pre-RCP levels, and data from Tucson Electric Power Company (which has a lower
RCP value than APS) bodes poorly for installations under future RCP stepdowns. By
locking in the RCP now, the Commission will help ensure that a vibrant solar industry will
continue to provide economic and environmental benefits to all of APS’s customers.

APS implements several policies that directly or indirectly discriminate against solar
and that should be reconsidered. On the residential side, this includes limitations prohibiting
customers with solar from taking service on any non-frozen rate. There is no reason to
require a customer to choose between installing solar to provide some of their own electricity
from clean renewable sources and taking service on the rate that best matches their lifestyle.
Additionally, the Company’s demand limiter, which restricts the demand charge that a
customer may face, is only available for non-solar customers. There is no policy justification
for this, and the Company produced no analytical evidence to support its position. Finally,
the Grid Access Charge (“GAC?”) is neither cost based nor necessary to ensure sufficient cost

recovery from solar customers on the R-TOU-E rate and should be eliminated.
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Both residential and non-residential customers face solar system size limitations. The
residential sizes are generally acceptable but should be revised to be based on the inverter
capacity of a system rather than the solar panel nameplate capacity as the inverter capacity is
the proper measure of interconnected capacity. The non-residential system size limit should
be increased to allow customers to better size their system to meet their annual energy usage
and help meet sustainability goals.

The Company’s primary non-residential E-32 tariffs contain rate design choices that
cause problems for both solar and non-solar customers. There is a distinct disincentive for
high load factor customers to downsize from a “larger” tariff to a “smaller” one, such as
moving from E-32 L to E-32 M. Additionally, the declining block structure and demand
ratchet on some of the E-32 rates do not encourage demand reduction. This is clearly
contrary to the Company’s goals to reduce peak demand and creates perverse incentives for
non-residential customers. Further, the Company’s non-residential storage pilot program
approved in the last rate case, has failed to spur the adoption of any storage, as reflected by
the fact that zero customers take service on this tariff. 1 discuss several changes that can
improve this tariff and enable it to meet is policy objectives.

Finally, I provide some thoughts on Commissioner Peterson’s request for information
related to Bring Your Own Device programs. I recommend a tariff-based structure that
primarily utilizes service aggregators to coordinate and manage distributed energy resources
to meet grid service needs. This tariff can provide distribution capacity deferral and increase
demand flexibility to manage challenging real-time grid conditions, all while reducing costs
to both participants and non-participants.

PLEASE LIST YOUR SPECIFIC RECOMMENDATIONS FOR THIS CASE.

I make the following recommendations in my testimony. Collectively, these changes will
recognize that solar customers provide benefits to the system and reasonably contribute to
revenue adequacy. The modifications to the CCOSS method will help meet the

Commission’s requirements to be “transparent, accessible, and flexible.” The rate design
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modifications will better align price signals with load conditions on the grid and provide new

opportunities for residential and non-residential customers to manage their load to the benefit

of all customers. The policy recommendations will remove barriers to solar deployment and

can help maintain the vibrance of an industry contributing to economic development in

APS’s territory.

CCOSS recommendations

Utilize more modern cost allocation approaches such as those recommended by the
RAP Manual that are better suited to the operation of modern utilities.

Provide more detail in how load shapes are calculated from billing information,
including more information about demand and energy adjustments.

Recombine solar customers with non-solar customers in the CCOSS and rate design
process.

Use delivered energy rather than site energy for solar customers.
Remove the “solar credit” concept from the CCOSS.

Properly adhere to the Commission’s requirement that the CCOSS workpapers be
transparent, accessible, and flexible as directed in Decision 75859.

Properly adhere to the Commission’s requirement that residential subclass Class NCP
values are calculated based on the same hour as the combined total residential Class
NCP as directed in Decision 76900.

Develop a more robust method to account for customer growth over the test year in
the CCOSS.

Investigate ways to reduce metering costs for solar customers.

Rate Design Recommendations

Refile R-2, R-3, and R-TOU-E tariffs with a 2 PM to 7 PM on-peak period from June
to September.

Redesign R-TECH tariff as a volumetric TOU rate.

Remove the declining block structure for both energy and demand rates on the E-32
rates

Remove the demand ratchet from the E-32 L tariff

Reduce the demand charge on the E-32 S tariff to $8.805 / kW to reduce the balance
of revenue recovery through demand charges to be in between the E-32 XSD and E-
32 M tariffs

Better align the “edges” between tariffs to prevent large rate shocks and disincentives
for high load factor customers to reduce their demand
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Make several changes to the storage pilot guidelines that led to the E-32 L SP tariff
o Eliminate the 20% peak demand reduction
o Reduce the on-peak period to 4 hours

o Create a reasonable differential between the on-peak and remaining hour
demand rate

o Increase the differential in the energy rates

o Allow sufficient time for storage systems to be fully charged by solar

General Policy Recommendations

Allow customers to install solar on any active residential tariff.
Eliminate the GAC.
Extend the demand limiter to solar customers on the R-2 and R-3 rates.

Adopt TEP definition of connected load as the maximum demand divided by 0.6, and
after multiplying this value by 125%, apply it to the AC inverter rating. Change the
system size limits for residential customers to 15 kWac, 30 kWac, 45 kWac, and 60
kWac for 200-amp, 400-amp, 600-amp, and 800-amp service, respectively.

Freeze the RCP stepdown at the 2019 Tranche level.
Extend the duration of the RCP price lock to 18 years.

BYOD Program Recommendations

Use a tariff-based mechanism to compensate customers with existing and new DERs
and provide payments to aggregators for coordinating distribution services.

Structure a two-tiered payment system that will provide some upfront deployment
incentive for customers as well as payments to aggregators for value provided.

Set total compensation at a level below the avoided cost of the traditional utility
upgrade or service to ensure all ratepayers realize savings.
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APS’S CLASS COST OF SERVICE STUDY METHODOLOGY IS OPAQUE,

NEEDLESSLY COMPLEX, VIOLATES A COMMISSION ORDER. AND

SYSTEMATICALLY OVER-ALLOCATES COSTS TO SOLAR AND RESIDENTIAL

CUSTOMERS
PLEASE PROVIDE AN OVERVIEW OF THIS SECTION OF YOUR TESTIMONY.
In this section, I discuss the Company’s CCOSS methodology. 1 begin by tracing the
mechanics of the process by following data from load studies to the allocator development
workpaper and finally into the CCOSS model itself. I find a number of errors and
questionable assumptions in each step of this process, including the Company’s decision to
directly disregard the Commission’s order on a particular element of the CCOSS design. 1
conclude with a critique of the “solar credit” methodology in the CCOSS and present an
alternative CCOSS that correctly allocates costs based on the underlying load the Company
serves.
WHAT ARE YOUR PRIMARY CONCLUSIONS?
The approach that APS uses for solar customers in its CCOSS methodology is based on the
fundamentally flawed premise that the Company serves load that it does not actually serve.
APS argues that it is responsible for the “‘site” energy of a solar customer — the total load that
would be present if the customer did not have solar — rather than the “delivered” energy of a
solar customer — the actual kW and kWh that the Company delivers to the solar customer.
Try as it may to argue to the contrary, the Company cannot dismiss the reality that solar
customers have solar PV systems that serve some of their load; it is simply a matter of
physics that the Company does not serve customer load in excess of the instantaneous
demand net of their solar generation.

APS carries this flawed notion of site energy into the load studies that provide the
basis for the Company’s CCOSS allocators. This, combined with the choice to model nine
separate residential subclasses, results in CCOSS allocators for both solar and non-solar

residential customers that are larger than they should be. When carried into the CCOSS, this
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results in an over-allocation of costs to the residential class relative to non-residential
customers.

The Company’s workpapers contain several other errors as data moves from the load
studies to the CCOSS model. Primary among them is the disregarding of an explicit
Commission directive from the most recent UNS Electric Inc’s rate case that utilities
calculate each residential subclass NCP based on the same hour as the residential class NCP.2
The Company fails to do this, resulting in residential subclasses being overallocated
distribution costs. APS also used the wrong metering costs for solar customers, had the
wrong customer counts for some subclasses, and did not account in the CCOSS for the
sizable customer growth and shrinkage of its numerous residential subclasses.

The Company’s CCOSS workpapers are full of unlinked files, hardcoded values, and
inscrutable formulas. Despite an order from the Commission to increase the transparency of
its CCOSS and allow intervenors to manipulate the model to produce alternative results, 1
had to spend considerable effort to reverse engineer APS’s various workpapers before being
able to produce my own analysis. This effort was complicated by the Company’s refusal to
provide access to files that were directly imported into the CCOSS, requiring one to take
critical figures such as revenue from retail rates on faith.

While APS’s CCOSS in the current case may be an improvement over previous
cases, it still does not comport with Commission requirements for transparency, accessibility,
and flexibility. I conclude with several recommendations that will produce a more robust

CCOSS in this and future cases for APS and other Arizona utilities.

An Overview of APS'’s Class Cost of Service Study Methodology

PLEASE PROVIDE A HIGH-LEVEL OVERVIEW OF HOW A CCOSS WORKS.
The CCOSS is an analytical model that is used to map a utility’s costs onto the ultimate

customers who are responsible for causing those costs. This concept of “cost-causation” is

? Decision 76900, Docket E-04204A-15-0142 at 83-84.



10
11
12
13
14
15
16
17
18
19
20
21
22
23
24
25
26

27

Q12.
Al2.

Q13.
Al3.

Ql14.
Al4.

central to cost-of-service regulation. The CCOSS has three primary steps: functionalization,
classification, and allocation.

PLEASE DESCRIBE THE FUNCTIONALIZATION STEP.

The functionalization step parses all of a utility’s assets and expenses and assigns them to the
core function that they serve. Power plants generate power and provide energy; assets and
expenses related to the generation of power are functionalized as “Production.”
Transmission lines and high-voltage substations primarily exist to transmit power from
generating stations to the distribution facility. These assets and expenses are functionalized
as “Transmission.” The poles, wires, and substations of the distribution system are designed
to deliver power from the transmission system to the end customer. These assets and
expenses are functionalized as “Distribution.” Finally, expenses and assets related to serving
customers such as customer service and billing systems are functionalized as “Customer.”
PLEASE DESCRIBE THE CLASSIFICATION STEP.

Once the Company’s assets and expenses are broken down by their core function, they are
further divided by classification. Classification typically involves three categories: demand,
energy, and customer. Demand costs vary with the amount of demand, measured in kW, that
customers put on the system. For instance, peaking power plants primarily exist to provide
capacity during high-load hours, and thus these assets would be classified by the Company as
demand. By contrast, energy expenses vary based on the total quantity of energy, measured
in kWh, that is produced. The fuel and variable operations and maintenance (“O&M”)
associated with generating energy from power plants is classified as an energy-related cost.
Finally, costs that do not vary based on either demand or energy are classified as customer-
related costs. Examples here include customer meters.

PLEASE DESCRIBE THE ALLOCATION STEP.

At this point, the Company’s assets and expenses have been broken down by primary
function and further classified based on demand, energy, and customer categories. The final

step is to allocate these costs to different customer classes. A CCOSS will typically at a
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minimum separate residential, small commercial, large commercial, and industrial customers
into their own cost of service class. This is necessary as not all customers use all elements of
a utility’s grid. For example, industrial customers typically do not use the low-voltage
distribution system; thus, it would be inappropriate to allocate costs for the low-voltage
distribution system to industrial customers.

The allocation between the cost of service classes is done based on cost allocators.
These allocators are calculated based on load characteristics such as demand coincident with
the system peak, demand independent of the system peak, total energy use, total on-peak
energy usage, total customer count, and so on. Classified costs are allocated based on
corresponding allocators. Fuel and variable O&M energy costs will be spread across the cost
of service classes based on the share of total energy that each class consumes. Similarly,
power plant demand costs will be allocated based on a measure of the fraction of peak system
demand that each class is responsible for.
PLEASE PROVIDE AN EXAMPLE OF HOW ALLOCATORS ARE USED IN THE CCOSS.
Supposed that one is determining how to allocate costs for distribution substations. The
Company classifies these assets and expenses as demand-related costs and allocates them
based on the “DEMDIST1 NCP Demand @ Substation Level w/losses (KW)” allocator.?
This allocator is based on the retail class demand grossed up for substation line losses of
2.775%. In the Company’s workpaper, the “Legacy Solar (Energy)” class (one of the nine
residential classes the Company uses in the CCOSS) has a value for NCP demand @
Substation Level of 435,328 kW. The total DEMDIST1 value for all customer classes is
7,269,621 kW. Thus, the Legacy Solar (Energy) class represents 5.99% of the total for this
allocator., If one were allocating $100 million in distribution substation costs, then the
Legacy Solar (Energy) class would be allocated 5.99% * 100 million = $5.99 million for this

asset class.

¥ LRS_WP4DR TY Development of Allocation Factors Report, tab “Schedule G-7”
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AFTER THESE THREE STEPS, WHAT HAPPENS NEXT IN THE CCOSS?

Once all of the costs have been functionalized, classified, and allocated, the CCOSS
calculates the revenue requirement for each class that is required to recover expenses
(including taxes on income) and earn a return on and of the capital assets that the class
utilizes. This class-specific revenue requirement can then be used as an input into the rate
design process.

DOES APS FOLLOW THE GENERAL METHOD YOU DESCRIBED ABOVE?

It does for the most part. The Company’s functionalization of costs follows a traditional
approach. Production assets such as power plant and land are classified as demand-related
costs, as are transmission and distribution assets. Meters and customer service are classified
as customer-related costs. The Company matches the cost allocator based on the voltage
level (and thus line losses) to the asset being allocated. For instance, distribution substation
costs are allocated based on the share of demand that includes losses up to the substation,
while overhead transformers are allocated based on the share of demand that includes losses
up to the transformer.

ARE THERE AREAS WHERE APS DIVERGES FROM THE TRADITIONAL METHOD YOU
DESCRIBE?

Yes. As I discuss later, the Company diverges in two substantive ways. First, it produced a
total of nine residential subclasses that largely mirror retail rate classes. Second, it allocates
costs to residential solar customers based on “site” load rather than “delivered” load.

IS THE TRADITIONAL APPROACH DISCUSSED ABOVE THE MOST APPROPRIATE FOR A MODERN
UTILITY SUCH AS APS THAT HAS AN EVOLVING MIX OF PRODUCTION ASSETS, INCREASING
DISTRIBUTED GENERATION, AND ADVANCED METERING AND DATA MANAGEMENT
CAPABILITIES?

No. Many utilities still operate under cost of service and rate design conventions that

emerged in a different era, and unfortunately, are becoming less and less relevant to a modern
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energy landscape. Much of the established thinking around cost allocation and rate design

stem from several seminal documents listed below:

e Principles of Public Utility Rates by James C. Bonbright (first edition, 1961; second
edition, 1988).

e  Public Utility Economics by Paul J. Garfield and Wallace F. Lovejoy (1964).

e The Economics of Regulation: Principles and Institutions by Alfred E. Kahn (first
edition Volume 1, 1970, and Volume 2, 1971; second edition, 1988).

o The Regulation of Public Utilities by Charles F. Phillips (1984).
e The 1992 NARUC Electric Utility Cost Allocation Manual.*

Common among these documents is their age. The most recent is nearly thirty years
old, and Bonbright’s formative work is approaching sixty years in age. All were developed
in an era of large, centralized power plants operating in vertically integrated markets.
Distributed resources as we think of them today largely did not exist. Renewable generation
was primarily limited to large hydro projects, and the notion that wind and solar could cost-
effectively provide substantial fractions of a utility’s energy and capacity needs was simply
not considered.

WHAT GUIDANCE IS AVAILABLE FOR UTILITIES AND COMMISSIONS AS THEY WORK THROUGH
THESE ISSUES IN A MODERN CONTEXT?

A new manual on cost allocation and rate design was recently published by the Regulatory
Assistance Project (“RAP”). This document, Electric Cost Allocation for a New Era: A
Manual (“RAP Manual”) is the product of three leaders in the utility regulatory industry, Jim
Lazar, Paul Chernick, and William Marcus. Together, the authors have over 120 years of
collective experience and have participated in hundreds of regulatory proceedings throughout
the world.” Their manual updates traditional cost allocation and rate design approaches based

on the emerging energy landscape where utilities have access to detailed advanced metering

4 Lazar, 1., Chernick, P., Marcus, W., and LeBel, M. (Ed.). (2020, January). Electric cost allocation
for a new era: A manual. Montpelier, VT: Regulatory Assistance Project. (*RAP Manual™). Available at
https://www.raponline.org/wp-content/uploads/2020/01/rap-lazar-chernick-marcus-lebel-electric-cost-allocation-

new-era-2020-january.pdf

* RAP Manual at 9.
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infrastructure (“AMI”) data, can substitute renewable energy for fossil operating expenses,
and must incorporate increasing demands for flexibility from its customers.

WHAT INFORMATION IS IN THIS DOCUMENT THAT MIGHT BE USEFUL TO THE COMMISSION
AND INTERVENORS IN THIS AND FUTURE PROCEEDINGS?

I strongly recommend that all parties working in this and future rate cases review this
document. It previews some of the tensions that APS may soon find itself grappling with as
it shifts from a more conventional generation mix to one based on renewable energy and
demand-side management.

For instance, the RAP Manual covers the allocation of renewable generation and
smart meters in a modern context. Rather than simply allocating renewable generation costs
to production, as may have been done traditionally with generating assets, utilities should
recognize that renewable facilities are increasingly a substitute for fuel and variable O&M
costs from traditional generators. Likewise, AMI offers many more services than simple
customer billing. AMI provides the Company with valuable information related to the real-
time status of its grid, is a conduit for demand response programs, and provides insights to
customer usage. If the Company defaults cost allocation to the traditional metering function
and does not recognize the multiple benefits to demand and energy that AMI provides, these

costs will be misplaced.®

APS Inappropriately Allocates Solar Customer Costs Based on Demand It Does Not Serve

Q22. PLEASE DESCRIBE THE WORKPAPERS THAT THE COMPANY USES TO DEVELOP THE INPUTS TO

A22.

THE CCOSS.

The Company’s methodology begins with customer billing data from the test year (July 2018
to July 2019). Approximately 750,000 of the roughly 1.1 million residential customers who
have complete AMI billing data are included in the load research census. An average load

shape is calculated for each subclass based on customers with complete data, which is then

¢ RAP Manual at 18,
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grossed up to represent the total number of customers in that subclass. The specific load
shape is further adjusted to normalize monthly peaks with the overall system peaks.
However, this last step is only performed for delivered load (used for non-solar customer
groupings), and not for site load (used for solar customer groupings).’

Based on these average load shapes, APS produced 103 different load research
reports (“LRR™) containing key data such as coincident peak, non-coincident peak, energy
usage, and customer count.®* Some of the LRRs combine customer groupings. For instance,
there is an LRR for “Demand Rate No Solar”, which presents data for the combination of all
customers in the “R-2 No Solar”, “R-3 No Solar”, and “R-TECH No Solar™.”

Data for solar customers is presented in three ways: site, delivered, and produced.
The site LRR represents load served by both the Company and the PV customer’s solar
system. The delivered LRR represents load only served by the Company. The produced
LRR represented solar production independent of customer load.

How DOES THE COMPANY USE THE LRRS?

The LRRs are used as inputs into the Company’s “Development of Allocation Factors
Report” workpaper (“Allocator WP”).!® Nine different residential subclasses are mapped
from the LRR to the Allocator WP. For non-solar customers, the Company-provided LRR
data (i.e. delivered energy) is used. For solar customers, the Company instead uses the
corresponding site LRR. Table 1 below shows nine subclasses that the Company uses in the

LRRs and CCOSS, along with the retail rates they represent.

7 Attachment KL-2, SEIA 21.2.

¥ Each LRR contain the following data by month: SUMMATION IND MAX (MW): Non-Timed, On-Peak, Off-
Peak. CLASS PEAK (MW): On-Peak, On-Peak Date & Time, Off-Peak, Off-Peak Date & Time. ADJUSTED
COINCIDENT (MW): System, Time (Hr Ending). ENERGY (MWH): On-Peak, On-Peak %, Off-Peak, Off-Peak
%, Total. CUSTOMERS: Monthly Count. FACTORS: Coincident Factor (CP), Load Factor (Max) %, Load Factor
(NCP) %, Load Factor (CP) %. CUSTOMER AVERAGES: Energy Use (kWh), Ind. Max Demand (kW),
Coincident Demand (kW), NonCoincident Peak Demand (kW)

? Attachment KL-3, SEIA 4.1¢

0 LRS WP4DR TY Development of Allocation Factors Report.xlsx
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LRR Class

[ Legacy Energy Rate
Solar Site

ECT Solar Site

R-TOU-E Solar Site

New Demand Rate Solar
Site

R-XS
R-Basic
R-Basic LRG

R-TOU-E No Solar

Demand Rate No Solar

Q24.
A24.

CCOSS Class
Legacy Solar (Energy)

Legacy Solar (Demand)

R-Solar (TOU)

R-Solar (Demand)

R-BASIC
(0-600 kW)
R-BASIC
(601-999 kW)
R-BASIC
(1000+ kW)

R-TOU

R-DEMAND

Tariff ID
E-12, ET-1, and ET-2

ETC-1R and ETC-2

TOU-E

R-2, R-3, R-Tech

R-XS
R-Basic
R-Basic Large

TOU-E

R-2, R-3, R-Tech

Table 1 - LRR, CCOSS, and Retail Rate Mapping

WHAT IS THE RELATIVE SIZE OF THESE CUSTOMER GROUPS?

Retail Rates _
E-12, ET-1, and ET-2
with Solar
ETC-1R and ETC-2
with Solar
Saver Choice - TOU
with Solar
Saver Choice Plus,
Saver Choice Max,
Saver Choice Tech
with Solar

Lite Choice — No Solar

Premier Choice — No
Solar
Premier Choice Large
— No Solar
Saver Choice TOU —
No Solar
Saver Choice Plus,
Saver Choice Max,
Saver Choice Tech —
No Solar

Table 2 shows the number of customers and total energy usage for each LRR class.

Although there is a substantial amount of testimony from the Company related to solar

customers and their impact on its system and finances, the fact is that as of the end of the test

year in June 2019, solar customers represented only 7% of all residential customers and only

8.1% of all delivered energy. To reduce confusion, I have renamed some of the LRR classes

below.
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LRR Class Customer Delivered % of % of Delivered

_ Count  Energy Customers Energy
Legacy Solar — Energy 72,221 801,035 5.9% 6.5%
Legacy Solar — Demand 3,488 56,297 0.4% 0.3%
New Solar — Energy 11,382 64,133 0.5% 1.0%
New Solar — Demand 3,826 23,859 0.2% 0.3%
R-XS 264,712 1,401,134 20.4% 30.3%
R-Basic 117,844 1,217,930 10.6% 9.0%
R-Basic LRG 37,733 777,655 23.7% 10.4%
R-TOU No Solar 377,493 5,058,310 3.4% 5.8%
R-Demand No Solar 227,839 4,088,516 33.8% 37.5%
All Solar 90,917 945,324 7.0% 8.1%
All Non-Solar 1,025,621 12,543,544 93.0% 91.9%

Table 2 - LRR Class Customer and Delivered Energy

DID THE COMPANY USE DELIVERED LOAD OR SITE LOAD FROM THE LRRS IN ITS CCOSS?
APS did not use delivered energy data for residential solar customers, instead opting for site
energy data. In doing so, it introduces into the CCOSS a violation of a fundamental principle
that customers should be able to take any action — as long as it is safe and legal — to alter the
amount of energy and power they purchase from APS. Customers can choose (or not choose)
to install energy efficient appliances, install gas appliances, participate in demand response
programs, install energy storage systems, or install rooftop PV systems. As long as these
actions occur behind the meter and are interconnected and operated in accordance with the
Company’s and the state’s regulations, that should be the end of the matter. Essentially, what
happens behind the meter should stay behind the meter.

The absurdity of using site load can be easily illustrated. Reaching behind the meter
and allocating DG customer costs based on total site load (regardless of whether a portion of
the load is met by self-generation) is equivalent to allocating costs to a customer for the
energy they would have consumed from the utility had they not installed energy-efficient
windows; or the energy they would have consumed had their kids not gone off to college; or
the energy they would have consumed if they were year-round, rather than seasonal,
residents. When a customer chooses to install new technology or undergoes a lifestyle change

that affects their energy consumption, the services they require of their utility change. As a
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result, that customer’s cost-causing usage patterns change. However, it would be
inappropriate to continue to charge them based on their past usage patterns, or upon their
potential future usage patterns. Rather, customers should be charged based on their actual
usage, which is measured by their delivered load.

HAS THE COMMISSION OPINED ON THIS MATTER?

Yes. In Docket No. E-0000]-14-0023, the Commission issued Decision 75859 that discussed
a variety of issues related to solar. In that proceeding, intervenors Vote Solar and Staff

argued that customers should be allowed to do what they want behind the meter:

Vote Solar agrees that self-use of rooftop solar provides significant benefits, but
believes focusing on exports is the better approach because the utility should not
"look behind the meter" based on a customer's technology choices. Vote Solar
strongly believes in a customer's right to self-consume energy generated behind the
meter through its own investment.

Like Vote Solar, Staff believes that what a customer chooses to do behind the meter
regarding its energy needs is the customer's concern, and that the customer's right to
reduce its load by the installation of a DG meter is no different from the customer's
right to reduce load by conservation, insulation, high efficiency appliances, or
storage. In addition, Staff states that it views the export rate more in the nature of a
wholesale rate, and not a retail rate, which would apply to self-consumption.'!

Ultimately, the Commission agreed with the logic of Vote Solar and Staff, concluding:

For the reasons voiced by Vote Solar and Staff the methodology we adopt will be
used for the purpose of ascertaining the appropriate level of compensation to be paid
to rooftop solar customers for their exported energy, and not for the purpose of
determining a monetary value of the energy a DG customer consumes on site.'?

While this particular point was related to the compensation for DG production, the

notion that the Company should not look behind the meter remains true whether discussing
load reductions, valuing solar generation, or using site or delivered load in the CCOSS. Site
load necessarily requires one to look behind the meter and is in direct conflict with the

Commission’s conclusion.

' Docket No. E-0000J-14-0023, Commission Decision 75859 at 147.
12 Docket No. E-0000J-14-0023, Commission Decision 75859 at 147.

18



[
o BN v s JIESS I 1 Lh

.|
12
13

14

15
16
17
18
19
20
21

22
23
24
25
26
27

28

29

30
31
32
33
34
35
36

Q27.

A27.

HAS THE COMMISSION RULED ON THE APPROPRIATENESS OF USING SITE OR DELIVERED
LOAD FOR SOLAR CUSTOMERS?

No. When asked whether the Commission explicitly ruled on the appropriateness of using
site or delivered energy when establishing cost allocators for residential solar customers, the

Company initially responded:

The Arizona Corporation Commission has ruled that residential rooftop solar
customers are different than other residential customers from a cost perspective
because they are partial requirements customers that export power to the grid.
Therefore, they should be treated as a separate class in a cost-of-service study.
However, the Commission left the cost allocation methods to be determined in the
specific utility rate cases. See Decision No. 75859 in Docket E-00000J-14-0023. The
method used by the Company in this proceeding is the same method used in the sited
docket and in the prior APS rate case.”"?

In a follow up, the Company continued:

The Commission explicitly recognized in Decision No. 75859, in the Value and Cost
of Distributed Generation proceeding, that the cost to serve solar customers is
different than non-solar customers because they are partial requirements customers
that export power to the grid. This means that the cost-of-service study must
recognize and estimate these differences. Therefore, to base the cost study strictly on
delivered load, which is the identical method for allocating costs to non-solar
customers, would be incorrect, because it would not recognize these cost differences.

The Commission did not determine the precise method to be used in recognizing
these cost differences — it left that up to each utility in their rate case filings.
However, two fundamental approaches would be to either (1) base the initial cost
allocation on site load and then credit back the cost savings attributable to the solar
generation or (2) base the initial cost allocation on delivered load and then add the
additional costs needed to serve solar customer.'

Q28. WHAT DOES THE COMMISSION’S ACTUAL ORDER STATE?

A28.

The Commission’s order in Decision No. 75859 states the following:

We agree with APS that the appropriate test for the formation of a subclass of
customers for purposes of rate design is whether a sub-group of customers is
sufficiently different from the sub-group's current classification in regard to service,
load, or cost characteristics to place that sub-group into a separate class. The record in
this proceeding demonstrates that rooftop solar customers are partial requirements
customers who export power to the grid, and we therefore find that rooftop solar
customers are a separate class of customers. The ratemaking implications of this

13 Attachment KL-4, SEIA 4.2h.
4 Attachment KL-5, SEIA 9.4,
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separate class treatment are to be determined in each utility's rate case supported by a
fully vetted cost of service analysis."?

Notably, the Commission’s order constrains the designation of solar customers as a
separate class “for the purposes of rate design.” Rate design is a separate process from
calculating the cost of service, and the Company correctly uses delivered billing determinants
in the calculation of its rates. Contrary to the Company’s claim, there is no explicit directive
from the Commission that solar customers must be placed into a separate subclass within the
CCOSS or for the differences between site and delivered energy to be analyzed.

AS A FUNDAMENTAL QUESTION, DO YOU BELIEVE THAT SOLAR CUSTOMERS SHOULD BE
TREATED SEPARATELY IN EITHER THE CCOSS OR FOR THE PURPOSES OF RATE DESIGN?
No, I do not. The primary arguments that parties use to advocate for the separation of solar
customers into their own class is based on an analysis of load characteristics and a claim that
solar customers exhibit far too much variation from “normal” customers to be grouped
together. However, there is no single “normal” residential customer, and substantial
variation exists among many types of customers that historically have been grouped together
in the CCOSS and in rate design.

For example, residential customers who live in apartments have a different cost
profile than customer living in detached single family homes. Rural and urban customers
impose different costs on the system. Customers with electric heating have different load
profiles from those with gas heating, and customer with pools have a high-load motor that is
not present for customers without pools. Each of these customer groups could potentially be
a subclass of customers for either CCOSS or rate design purposes as their loads and use of
the system varies widely. However, the Company correctly does not break each of these
customers out into their own class but allows a reasonable degree of variation to exist within

its classes.

I3 Docket No. E-0000J-14-0023, Commission Decision 75859 at 146. (emphasis added)
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The variation in the key load characteristics of solar customers falls within the range
of the variation of other types of customers. Vote Solar witness Briana Kobor provided such

an analysis in a previous case, using APS’s own data.

There are several distinct groups of customers larger than the group of rooftop solar
customers with highly varying load shapes that could have potential implications for
cost recovery, yet it is only solar customers who APS has chosen to isolate for
analysis in its COSS and it is only solar customers APS singles out for proposed
differential rate treatment.'®

The Commission should recognize this fact and direct the Company to regroup solar
customers with other residential customers in both the CCOSS and the rate design process.
DOES THE COMPANY ALREADY TREAT SOLAR CUSTOMERS DIFFERENTLY IN ITS TARIFFS?
Yes. The Company has frozen a number of legacy tariffs that previously served solar
customers. New solar customers cannot sign up for the R-Basic or R-XS tariffs, and must
take service on either the volumetric R-TOU-E tariff or the demand tariffs R-2, R-3, and R-
TECH. Solar customers who take service on the R-TOU-E tariff must also pay a grid access
charge (“GAC?”) that is not applicable to non-solar customers. These actions effectively treat
solar customers as a separate class of customers from non-solar customers.

WHAT IS YOUR VIEW ON THE TWO “FUNDAMENTAL” APPROACHES THAT APS SUGGEST
MUST BE USED TO HANDLE SOLAR CUSTOMERS IN THE CCOSS?

The Company has chosen the first method of using site load and crediting back cost savings
attributable to solar generation. I discuss several issues with this approach below. The
second method — using delivered load and adding in additional costs needed to serve the solar
customer — would require the Company to identify, quantify, and justify any additional costs
beyond those required to serve the delivered load.

HAS THE COMPANY IDENTIFIED POTENTIAL COSTS ASSOCIATED WITH SERVING SOLAR
CUSTOMERS THAT EXCEED THE COST OF SERVING ITS DELIVERED LOAD?

The Company claims to have done so. It stated that using site energy is necessary to

16 Direct Testimony of Briana Kobor on behalf of Vote Solar, Docket No. E-01345A-16-0036
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capture[] the cost of providing grid services for the rooftop solar customer’s export of

energy and backup of the customer’s self-supplied generation, including support for
the starting of motors (e.g. the in-rush current associated with the starting of an air
conditioning unit, which generally cannot be met by a solar array).”"”

It elaborated that

solar customers in areas with high solar adoption have the potential to cause high
voltage during the Spring and Fall months. APS has an obligation to maintain
voltage, and installing or upgrading traditional equipment such as reconductoring,
feeder additions, transformer upgrades, capacitor banks and voltage regulators are
some options available to APS."®

HAS THE COMPANY QUANTIFIED ANY OF THESE SUPPOSED “GRID SERVICES” COSTS?

No. When asked where in the CCOSS customers are charged for “in-rush current”, APS
responded: “This is not a specific allocated amount. However, the costs would generally be
included in the demand-related components for the generating plants and the grid.”'* When
asked where in the CCOSS customers were charged for costs related to maintaining
distribution voltage within the required operating limits, it again responded “This is not a
specific category, but rather included in distribution primary and substation costs.”’

HAS THE COMPANY DOCUMENTED INSTANCES WHEN IT HAD TO RECONDUCTOR LINES, ADD

FEEDERS, OR UPGRADE OR INSTALL TRANSFORMERS, CAPACITOR BANKS, AND VOLTAGE

REGULATORS TO ACCOMMODATE SOLAR CUSTOMERS?

APS indicated that it “does not track costs in a way that allows it to determine whether or not

specific upgrades and additions were caused by installing solar.”*! It further indicated it has

not added new feeders, new capacitor banks, or new voltage regulators, and has not

reconductored lines to accommodate residential PV customers.>

WHAT IS THE IMPLICATION OF THIS?

The Company admits that is has no cost information related to the supposed cost of providing

grid services for rooftop solar customers that is incremental to providing them with basic

17 Attachment KL-6, SEIA 2.6b.
¥ Attachment KL-7, SEIA 7.12h.
1 Attachment KL-8, SEIA 7.12e.
20 Attachment KL-7, SEIA 7.12h.
21 Attachment KL-9, SEIA 11.9.
22 Attachment KL-10, SEIA 22.1.
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electrical service. Further, it admits that these grid services are simply part of the generating
and distribution systems that provide power and energy to customers. Put simply, the cost of
serving the load of solar customers is already reflected in the cost of the generation,
transmission, and distribution assets that serve the actual, delivered load of any customer,
solar or not.

If the Company has not incurred or quantified costs for residential customers beyond
those required for delivered load, and it characterizes “grid services” costs as already part of
demand-related generation and distribution services, then it follows that a CCOSS based on
delivered load without modification appropriately captures the costs and grid services needed
to serve solar customers.

WHY IS THE COMPANY SO RELUCTANT TO ADMIT THAT IT IS ONLY RESPONSIBLE FOR
SERVING THE DELIVERED LOAD OF A CUSTOMER?

I am unclear. The Company was evasive in its responses when pressed further on this issue.
When asked whether it served the site or delivered load of a solar customer, the Company
responded: “The company serves the site load for generation capacity and grid capacity costs,
with an offset for the solar capacity contribution; the grid capacity cost necessary to facilitate
the export solar power; the delivered energy costs, and the customer hook-up costs for the
site load.” When provided an example of a customer with a site load of 10 kW and a PV
system that is producing 4 kW, the Company was asked to confirm that it was in that moment
serving 6 kW of demand. It declined to do so, suggesting that “‘generator capacity,
transmission capacity, distribution primary and distribution secondary capacity necessary to
serve the customer would be based on a much higher level of demand than the 6 kW of net

load used in this example.”**

3 Attachment KL-11, SEIA 4.2f,
2 Attachment KL-12, SEIA 9.3a.
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THE COMPANY SUGGESTS THAT SOLAR CUSTOMERS ARE DIFFERENT FROM NON-SOLAR
CUSTOMERS IN THAT IT HAS TO STANDBY TO PROVIDE SUFFICIENT POWER FOR THEIR ENTIRE
SITE LOAD IF THE SOLAR SYSTEM FAILS. IS THIS ANY DIFFERENT FROM NON-SOLAR
CUSTOMERS?

No. The Company is responsible for serving the delivered load of all its customers. It plans
its system based on an assumption of load diversity; that is, it does not assume that every
customer will be maxing out their service drop capacity at the same time. In fact, the
Company assumes that customers on a 200-amp service drop, which can theoretically pull
38.4 kW of power, only have a peak demand of 12.23 kW, less than 1/3 of their potential.*

A non-solar customer does not need to inform the Company that is has installed a
new induction cooktop or electric vehicle charger, both of which can produce sizable
increases in peak demand if activated along with other appliances. These customers are not
allocated more costs in the CCOSS because of their potential to increase their demand over
historic levels. If they choose to turn on their appliances in a manner that increases their peak
demand, this will be accurately reflected in the Company’s LRRs and CCOSS, and the
customer class will be appropriately allocated more costs for this increase in usage.

Likewise, if a cloud covers a solar system during peak hours, the delivered load of the
customer will increase and will be accurately reflected in the Company’s LRRs. There is no
justification to allocate costs on the hypothetical cost of serving the site load just as there is
no justification for allocating EV owners more in case they decide to increase their on-peak
usage. In both cases, the delivered load is the right value to use, properly capturing the

customer’s actual behavior that drives system costs.

3 Attachment KL-13, SEIA 16.2a.
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IS IT POSSIBLE THE COMPANY’S RESPONSES ARE CONFLATING THE ACTUAL SERVICE IT
PROVIDES TO SOLAR CUSTOMERS WITH RESOURCE PLANNING CONCEPTS?
It is possible. The insistence that the Company in actuality serves the entire site load — which
if true would result in over-generation and frequency issues for the grid as a whole and
massive power spikes for the individual solar customer — may be confused with resource
planning concepts. The Company’s claim that it must serve site energy is tantamount to
assuming that every solar PV system will simultaneously fail during peak demand hours. Of
course, solar PV does not output 100% of its power in 100% of the peak hours. But neither
does it output 0% of its power in 100% of the peak hours.

The Company already plans for and actively manages the variability in solar output.
In its IRPs, it calculates an assumed output of PV facilities during peak hours using an
effective load carrying capacity (“ELCC”) analysis or other approaches such as evaluating
generation during the top 90 hours of system load. This is extended to both utility-scale PV
operations and residential load forecasts.”® In its operations, it can forecast near-term solar
generation based on expected weather conditions and determine a more accurate solar
generation figure than simply 0% or 100% of capacity. And in its LRRs, there is no need to
adjust the historic data based on modeling; the delivered load captures exactly the balance of
power between solar generation, self-consumption, and grid-supplied power.
AS A MATTER OF PHYSICS, DOES THE COMPANY PROVIDE 10 KW OF POWER TO A
HOUSEHOLD THAT HAS A NET USAGE OF 6 KW?
No. During normal grid conditions, and ignoring second order effects, the instantaneous
power that a solar customer would draw from the grid will be the net of the instantaneous
load from the house and instantaneous generation from the PV panel.?” If the appliances are

drawing 10 kW, and the PV system is providing 4 kW, the Company will provide the

% Attachment KL-14, SEIA 22.2.
%7 This example ignores issues related to power factors and voltage fluctuations, which are typically minor for
individual residential customers.
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remaining 6 kW. If the Company were somehow to send 10 kW to a household that was only
consuming 6 kW of power, there would be massive electrical issues.

IS THIS CONSISTENT WITH HOW THE COMPANY’S POWER PLANTS AND GRID OPERATE?

Yes. In a simple analogy, one can think of the power grid as a bathtub. Water flowing in
through the bathtub faucet represents the supply of generated and purchased power. Water
flowing down the drain represents the demand of customer load. The Company works to
balance supply and demand of power and energy, maintaining the water at a constant level.
If the drain is opened further, such as on hot summer days when air conditions are running,
more water must flow from the faucet to maintain the level. If the drain is partially closed,
such as at night or during mild months, the flow from the bathtub faucet must slow.

In this analogy, rooftop solar can be thought of as a hose that is connected to the
bathroom sink. Solar produces power from a source other than the Company’s power plants,
just like the sink can add water to the bathtub that does not come from its faucet. Suppose
the drain stays opened at a constant level. If the hose from the sink is turned on —
representing generation from rooftop solar systems coming online — the Company must react
and turn down the bathtub faucet to avoid increasing the level of the water. This is akin to
the bathtub faucet serving the delivered load of a solar customer; part of their demand is
being met from the hose from the sink, with only the balance needed from the Company.
Under the Company’s conceit that it serves a solar customers’ site load, it does not turn down
the bathtub faucet when the sink hose it turned on. If this were to happen, the water level
would begin to rise, leading to an overflowing bathtub.

DO THE LRRS PROVIDE ANY INSIGHT ON WHETHER THE DEMAND FOR THE RESIDENTIAL
CLASS IS REFLECTIVE OF SITE OR DELIVERED LOAD FOR SOLAR CUSTOMERS?

Yes. There are separate LRRs for Total Residential, Residential No Solar, Residential Solar
Site, and Residential Solar Delivered. As is expected, the Total Residential loads are equal to

the sum of the Delivered Residential No Solar and Residential Solar load (3,977 MW = 3,669
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MW + 308 MW), and are not equal to the sum of the Site Residential No Solar and
Residential Solar load (3,977 # 3,669 MW + 459 MW).?®

DOES THE COMPANY’S LOAD FORECAST AND RESOURCE ADEQUACY PLANNING PROCESS
PROVIDE ANY INSIGHT ON WHETHER DEMAND FOR THE RESIDENTIAL CLASS IS REFLECTIVE
OF SITE OR DELIVERED LOAD FOR SOLAR CUSTOMERS?

The Company stated that “site load is used for customers projected to adopt solar and
delivered load is used for existing solar customers.””’ This doublespeak answer attempts to
obscure the fact that customers who are “projected to adopt solar” are simply non-solar
customers, and site load for non-solar customers is by definition equal to delivered load. The
Company’s obfuscation efforts notwithstanding, its load forecasts are entirely based on
delivered load.

Ir THE LRRS, THE RESOURCE ADEQUACY PLANNING PROCESS, THE RETAIL RATE DESIGN,
AND THE ACTUAL OPERATION OF THE GRID ALL USE DELIVERED LOAD, WHAT IS YOUR
RECOMMENDATION ON THE CCOSS?

To be consistent with every other element of planning and operations, I recommend that the
Commission require the Company to use the delivered load for solar customers in its
CCOSS. Ifitis at a future date able to identify, quantify, and justify additional costs that are
explicitly related to providing service to solar customers that is above any beyond the cost of

providing their delivered power and energy, those costs could be included in the CCOSS.
The Company s Site Load / Solar Credit Process Creates Distortions in the CCOSS

HOW LARGE IS THE DIFFERENCE BETWEEN THE SITE AND DELIVERED LOAD IN THE
CompPANY’Ss LRRs?
Figure 1 below shows the relative size of the site load compared to delivered load in the key

load metrics for each of the solar subclasses used in the CCOSS. The increase 1s starkest for

28 Initial 1.31 ExcelAPS19RC00282 2018 2019 Load Research Report
¥ Attachment KL-14, SEIA 22.2.
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the average and excess demand (*AED”) and four coincident peak (“4CP”) allocators, which
are used to allocate production costs (AED) and transmission costs (4CP).*® The site load
exceeds the delivered load by 40-80% in the metrics that are used to allocate bulk power grid

expenses, and by 15-30% in metrics that are used to allocate distribution-related expenses.

Site / Delivered Load Metrics
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Figure 1 - Site / Delivered Load Metrics

WHAT IS THE IMPACT TO SOLAR CUSTOMERS OF USING SITE LOAD METRICS RATHER THAN
DELIVERED LOAD METRICS IN THE CCOSS?

Because costs are allocated to subclasses based on the subclasses share of the total allocator,
using site load metric allocators for solar customers means that more costs are assigned to
solar customers than would be under delivered load metric allocators. As seen from the data
above, the increase in assigned costs can be quite high depending on the particular cost

category.

3 Production demand costs are allocated based on the “average and excess demand” allocator, which is a
mathematical formula that uses the CP and Class NCP demand.
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DOES THE COMPANY CLAIM THAT THEY ADJUST FOR THIS ISSUE?

Yes. The Company claims that its “solar credit” mechanism in the CCOSS “fully credits
residential solar customers for all cost savings resulting from the capacity (production,
transmission, and distribution) and energy supplied to the grid by their rooftop solar
systems.”! I discuss issues with the solar credit in more detail below.

WHAT IS THE IMPACT TO ALL RESIDENTIAL CUSTOMERS OF USING SITE LOAD METRICS
RATHER THAN DELIVERED LOAD METRICS FOR SOLAR CUSTOMERS?

The residential class as a whole would be allocated more costs. Because the sum of the load
metric of the nine residential subclasses are higher when using site instead of delivered, the
share of the residential class’s allocation increases. As an example, the sum of the energy at
the generation level for the residential class using the solar site energy is 15,265,655 MWh
out of a total energy usage of 31,279,384 MWh, making the residential class responsible for
48.80% of costs allocated based on energy. If the delivered values were used instead, the
total residential class would be responsible for 14,772,530 MWh out of 30,786,259 MWh, or
47.98%. While the change of roughly 0.8% may seem small, the costs allocated in the
CCOSS are zero-sum and massive.

Table 3 below shows the total residential contribution to key allocators using site
energy instead of delivered energy. It also shows a rough mapping of the costs in the CCOSS
that are allocated based on these figures.’> As is shown below, using site energy results in the
residential class as a whole being assigned over $20 million more than it would under the

delivered energy allocators.

3 Attachment KL-6, SEIA 2.6b
32 Cost allocation based on LRS_ WP11DR Cost of Service Study Model, mapping the Revenue Requirement
Including Fair Value Increment on tab Cost of Service to the main allocators used.
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_ Site Delivered Allocated Over-Allocation
AED 59.54%  58.88%  Production Demand $1,091,040,740 $7,194,500
4CP 61.06%  60.04%  Transmission Demand $177,887,325 $1,805,364
Class 60.59%  60.05%  Primary Dist. Demand $428.941,246 $2,333.076
Ind Max 64.46%  63.79%  Secondary Dist. Demand $162,961,126 $1,090,466
Energy 48.80% 47.98%  Production Energy $1,000,125,685 $8.201,418
Total $20,624,824
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Table 3 - Residential Share of Keyv Allocators Under Site and Delivered Load

DOES THE SOLAR CREDIT ADJUST FOR THIS?
I do not believe it does, but the CCOSS produces unexpected results when changing the
allocators to delivered load and removing the solar credit. When I change the allocators to be
based on the LRR delivered information and zero out the solar credit, the residential share of
the total allocators falls as expected. However, despite having a lower allocators across the
board, the residential class ends up with a revenue requirement that is roughly $18 million
higher.
PLEASE DESCRIBE THE PROCESS THAT THE COMPANY USES IN ITS CCOSS RELATED TO SITE
LOAD AND THE SOLAR CREDIT.
The Company uses the site energy LRRs for solar customers as inputs into the Allocator WP.
The allocation factors are inputted into the CCOSS and used to assign costs to solar
subclasses. A separate tab in the CCOSS calculates the solar credit. This process involves
determining the revenue requirement for each solar subclass separately for production,
transmission, and distribution. Once the revenue requirement is determined, the Company
calculates the difference between the site and delivered allocators, and applies a credit to the
solar customers separately for production demand ($19.4 million based on 4CP and NCP),
transmission demand ($6.7 million based on 4CP), and distribution demand ($5.3 million
based on NCP and Individual Max).>

The Company makes an additional adjustment to the transmission credit. It first

calculates the credit in the same manner as the production and distribution credit, but then

3 LRS WPIIDR Cost of Service Study Model, tab “Solar Credit”
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calculates the difference between transmission revenue and the CCOSS’ calculation for
allocated transmission costs based on the site 4CP allocator. Since the CCOSS calculates a
higher value based on the site 4CP allocator than revenue collected from the solar class, the
solar “credit” for transmission turns into a large negative number. For the four solar
subclasses, this subsequent adjustment reduces the transmission credit by roughly $13.6
million, turning the transmission demand credit from a positive $6.7 million a negative $6.9
million.

The energy solar credit is not calculated within the CCOSS. Rather, it, like many
other values, is simply hardcoded based on an imported file. The energy solar credit totals
$35.3 million, details of which needed to be extracted through a discovery question. The
Company takes the production data from solar customers, grosses it up to the generation level
to adjust for line losses, and then applies the average avoided energy rate of $0.02895 / kWh
for the Legacy Energy subclasses and $0.030667 / kWh for the New Solar subclasses.®*

In total, the solar credit contained in the CCOSS is $53.1 million, producing a net
revenue requirement of $182.5 million for the solar subclasses. The value of the solar credit
is collected from non-solar residential and non-residential classes based on the corresponding
allocators (e.g. AED, 4CP, NCP, and Ind Max) excluding the solar customers. In total, non-
solar residential customers provide $28.5 million of the credit with non-residential
commercials providing the remaining $24.6 million.

WHERE THE SITE AND DELIVERED DEMAND VALUES THAT THE COMPANY USED FOR THE
SOLAR CREDIT THE SAME ONES USED FOR COST ALLOCATION?

No. Cost allocation for demand costs is done through four primary allocators: AED for
production, 4CP for transmission, Class NCP for primary distribution, and Ind Max for
secondary distribution. AED is a mathematical formula that is based on the single CP hour

demand level and the single hour Class NCP value. Ind Max is also based on a single hour.

3 Attachment KL-15, SEIA 4.3.
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However, the solar credit was calculated based on the six-month summer average of the
Class NCP and Ind Max (the 4CP is already the average of the four core summer months).
Further, the solar credit for production was not based on the AED allocator, but instead based
on the average of the 4CP and Class NCP demands.

Dib THE COMPANY EXPLAIN WHY IT CHANGED THE ALLOCATORS WHEN CALCULATING THE
SOLAR CREDIT AS COMPARED TO WHEN IT ALLOCATED COSTS TO THE SOLAR CUSTOMERS?

When asked, the Company responded:

The solar credit is based on the average summer values because they are more
representative of the solar contribution to NCP and Ind Max. For example, the solar
performance during one particular NCP hour in the summer could vary considerably
depending on weather conditions or other factors. This same risk would not be very
likely for the entire load of the home without solar. This is the same method APS
used in the COS/VOS proceeding (Decision No. 75859) and in its last rate case.*

GIVEN THE COMPANY IS CONCERNED ABOUT THE RISK OF PERFORMANCE DURING A
SINGLE HOUR FOR THE CALCULATION OF THE SOLAR CREDIT, WAS IT ALSO CONCERNED
ABOUT COSTS THAT ARE ALLOCATED TO SOLAR CUSTOMERS BASED ON A SINGLE HOUR?
No. When asked if it shared this concern with the allocation of costs to solar customers in
the CCOSS, it replied “The costs associated with the site load were allocated on the same
basis as all other residential rate classes and appropriately reflect the drivers for those
costs.”®
WHAT IS YOUR RESPONSE TO THIS?

While it is true that costs were allocated to solar customers based on single hours in the same
manner as all other residential rate classes, I do not agree that this is the most appropriate
method of allocating costs in a modern utility with increasing levels of distributed resources,
renewable resources, and advanced metering infrastructure. This is a perfect example of why

traditional cost allocation methods are no longer the best fit for modern utilities and need to

evolve along the lines of the RAP Manual I discussed previously.

3 Attachment KL-16, SEIA 4.8¢c.
36 Attachment KL-17, SEIA 9.8.
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RETURNING TO THE CHOICE OF ALLOCATORS IN THE SOLAR CREDIT, DOES THE USE OF THE
AVERAGE OF THE 4CP AND THE CLASS NCP INSTEAD OF THE PROPER AED ALLOCATOR FOR
THE PRODUCTION DEMAND SOLAR CREDIT MAKE A NOTICEABLE DIFFERENCE?

Yes. With the caveat that I do not believe the site load / solar credit method is correct, if APS
is going to use it, the Company should be consistent. The difference between the delivered
and site AED allocator is considerably higher than the average of the 4CP and Class NCP.
Where the production demand credit for the four solar classes is between 23% and 31% using
the average of 4CP and Class NCP, it is between 31% and 40% using the AED allocator.
When applied properly, this increase the production demand solar credit by $6.2 million,
from $19.4 million to $25.6 million.

IS THE SOLAR CREDIT FULLY INCORPORATED INTO THE CCOSS OR APPLIED AFTER THE
REVENUE REQUIREMENT IS FOUND?

It is fully incorporated. Rather than simply adjusting the final revenue requirement for each
subclass at the end of the process, the Company treats the solar credit (and revenue from
other classes needed to provide the solar credit) as a debit or credit to O&M expenses.
Because of this, the CCOSS also adjusts cost such as income tax expenses and proforma
adjustments related to taxes.

IS THE SOLAR CREDIT A REAL CREDIT IN THE SENSE THAT IT IS BEING PAID TO SOLAR
CUSTOMERS AND CHARGED TO NON=-SOLAR CUSTOMERS, AND THEREFORE SHOULD IMPACT
COST CATEGORIES SUCH AS INCOME TAX?

No. The solar credit is a construct that is contained to the CCOSS. It exists solely as result
of the Company’s choice to allocate costs based on site load instead of delivered load. 1am
unclear why the Company chose to include it in the O&M expense category, which

subsequently impacts issues such as income tax allocation between the classes.
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IF ALLOCATORS WERE BASED ON DELIVERED LOAD AND THE SOLAR CREDIT REMOVED,
WHAT HAPPENS TO THE REVENUE REQUIREMENT FOR SOLAR AND RESIDENTIAL
CUSTOMERS?

One would think that costs allocated to solar customers would remain roughly the same,
assuming the difference between the site-allocated costs and the credit for the difference
between site and delivered load was performed properly. One would also think that the costs
allocated to the residential class as a whole would fall slightly due to the lower share of total
residential demand allocators compared to the entire ACC jurisdiction total, as shown in
Table 3 above.

IS THIS WHAT OCCURS?

No. When delivered load allocators are used and the solar credit is removed, the ratebase
assigned to the residential class does fall by roughly 0.6%, which is in line with the expected
reduction based on the allocators. However, there are differences in the expense categories
that overwhelm the reduction in the return on asset expense. The cost to solar customers
increases by $16.7 million, and the cost to non-solar residential customers increases by $1.2
million. In total, the revenue requirement for all residential customers increases by roughly
$17.9 million.

WERE YOU ABLE TO TRACE THE ORIGIN OF THESE DISCREPANCIES?

Not entirely. They appear to be related to the way the CCOSS allocates expenses. For
instance, when removing the solar credit but keeping allocators based on site load, the total
O&M cost for solar customers increases by $53.4 million, the exact amount of the solar
credit. This is an expected result. However, when one subsequently changes the allocators to
be based on delivered load, the total O&M cost only falls by $44.7 million, leaving an $8.7
million gap. The remainder of the difference appears to be related to the manner in which the
change in O&M costs impact cost categories such as income tax, proforma adjustments, and

system benefits allocations that are built on this gap.
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WHAT IS YOUR RECOMMENDATION ON THIS ISSUE?
The use of site energy is incorrect in the first place. The creation of a solar credit, which
includes an energy credit calculated outside of the CCOSS and a transmission credit that is
further adjusted, adds needless complexity to an already complex model. Switching from the
Company’s site / solar credit method to a delivered / no solar credit method should produce a
result where solar customers see the same cost and the residential class as a whole sees
slightly lower costs. This is not what occurs. Even if the results were identical between
these two methodologies, for the sake of simplicity and transparency, the Commission should
direct the Company to use the delivered / no solar credit method in its CCOSS.

In the event that the Commission does prefer the site / solar credit methodology, it
should require that the Company use the proper AED allocator for production demand costs,

and not the average of 4CP and Class NCP as it currently does.

The Company s CCOSS methodology and workpapers are Opaque, Contain Errors, and Do Not

Qe6l.

A6l.

Conform to the Commission s Directives.

HOW DID YOU FIND WORKING WITH THE COMPANY’S VARIOUS WORKPAPERS AND MODELS
RELATED TO THE CCOSS?
I found them rather frustrating to work with. The Company’s LRRs contained 103 different
reports, with many of the reports representing the sum of other reports. These reports were
not linked to each other, and the names of the reports were neither consistent with the
CCOSS class names nor with the tariffs. The Company should have used consistent names
between the tariffs, LRRs, and CCOSS, and it should have provided a hierarchy for the LRR
without one having to ask for it in discovery.

The Allocation WP was not linked to the LRR; rather, the data was shown as
hardcoded values. Further, the Company for some reason decided to round the values in the
Allocation WP to the nearest MW rather than just using the numbers from the LRR. While

this did not have that large of an impact on the larger subclasses, it could have a non-trivial
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impact on the allocation calculation of smaller classes such as the R-Solar Demand, which
had a CP value of only 5 MW. Rounding up from 4.5 MW could increase this value by 10%.
The Allocation WPs were not linked to the CCOSS. Instead, the CCOSS had a large
tab called “Import” which referenced 30 different individual files with names such as “Plant”,
“G&I”, “W&S”, “Rev Acct 454” and so on. These appear to be the source for key values
such as revenue from retail rates, which of course were also hardcoded after being imported.

When I requested the 30 files that were uploaded to the CCOSS, the Company responded:

The data from the referenced external files is provided in the “Import” tab below the
file references. Thus, SEIA has the values for all referenced information. The file
references are simply the mechanics of how that data gets imported into the model.
To the extent that SEIA is seeking additional source data and/or all files from which
these values were derived, APS objects to this data request as cumulative and unduly
burdensome.*’

Apparently, the Company expects intervenors to simply trust that its figures are correct. This
lack of transparency is always problematic, particularly considering the Company’s
workpapers contained numerous errors that only came to light through the discovery process,
as discussed below.

The rest of the CCOSS was complex, but reasonably well organized. There were
times when deciphering the style of formula the Company used was challenging given the
many nested lookup references it used. This required one to partially evaluate the formula to
determine the references, and only then look up the values that were being used. Asa
particularly challenging example of this issue, this is the formula used to calculate the

Production Revenue credit portion of the solar credit.

=(+IF(ISERROR(SUMIF(INDEX(INDIRECT($L103),0,FERC_Col),$M103,INDEX
(INDIRECT(SL103),0,Amount_Col))*@INDEX(INDIRECT('Cost of Service'!
SATS3),MATCH(SN103,INDIRECT('Cost of Service''$SAT$4),0),'Cost of
Service''M$1)),0,SUMIF(INDEX(INDIRECT(SL103),0,FERC_Col),$M103,INDEX
(INDIRECT($L103),0,Amount_Col))*@INDEX(INDIRECT('Cost of Service'!
SATS3),MATCH($SN103,INDIRECT('Cost of Service''$AT$4),0),'Cost of
Service'!'M$1)))+(+IF(ISERROR(SUM(INDEX(INDIRECT($0103),0, MATCH($P1
03,Mapping!$3:83,0)))*@INDEX(INDIRECT('Cost of Service'!'SAT$3),
MATCH($Q103,INDIRECT('Cost of Service''$AT$4),0),'Cost of Service'

37 Attachment KL-18, SEIA 2.6a.
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'M$1)),0,SUM(INDEX(INDIRECT($0103),0,MATCH($P103,Mapping!$3:$3,0)))
*¥@INDEX(INDIRECT('Cost of Service''$ATS$3),MATCH($Q103,INDIRECT('Cost
of Service'!$AT$4),0),'Cost of Service''M$1)))+H+HF(ISERROR(SUM(INDEX
(INDIRECT(SR103),0,MATCH($S103,Mapping!$3:$3,0)))*@INDEX(INDIRECT('
Cost of Service'!'SATS$3),MATCH($T103,INDIRECT('Cost of Service'!SAT$4)
,0),'Cost of Service''M$1)),0,SUM(INDEX(INDIRECT($R103),0,MATCH
($S103,Mapping!$3:$3,0)))*@INDEX(INDIRECT('Cost of Service''$AT$3)
JMATCH($T103,INDIRECT('Cost of Service'!$AT$4),0),'Cost of Service''M$1)))
+(+IF(ISERROR(SUM(INDEX(INDIRECT($U103),0,MATCH($V 103,Mapping!$3:
$3.,0)))*@INDEX(INDIRECT('Cost of Service''$SAT$3),MATCH($W103,
INDIRECT('Cost of Service''$AT$4),0),'Cost of Service'!M$1)),0,SUM(INDEX
(INDIRECT(SU103),0,MATCH($V103,Mapping!$3:$3,0)))*@INDEX(INDIRECT('
Cost of Service''SAT$3),MATCH(SW103,INDIRECT('Cost of Service'!SAT$4),0),
'Cost of Service''M$1)))

WAS THE MATTER OF THE COMPANY’S CCOSS MODELS A SUBJECT OF DISCUSSION IN
PREVIOUS CASES?

Yes. In Docket No. E-00000J-14-0023, there was extensive discussion related to the
Company’s use of a proprietary “black box™ CCOSS model. In that case, intervenors were
unable to even get access to the model, and the Company would not perform alternative
scenarios to test the impact of changing the CCOSS inputs.*® This deficit was so severe that
the Commission determined it had no record to support approval of a specific CCOSS

methodology:

However, absent an ability to review and compare the alternate scenarios with varied
inputs and assumptions that all the parties would have been able to present with a
fully functional model, we are left with a record that does not support approval of a
specific COSS methodology in this proceeding. [] It will be of utmost importance in
upcoming electric utility rate cases for all parties to be on equal footing with regard to
the ability to use the cost of service model to illustrate their positions.*

WHAT pID THE COMMISSION ORDER TO RECTIFY THIS ISSUE?
The Commission directed utilities to improve the transparency, accessibility, and flexibility

of their models in all pending and future rate cases:

160, Utilities will be directed to submit cost of service studies in rate cases, both
pending cases and in future rate cases, which are based on models with spreadsheets
containing links between inputs and outputs which are available to all parties. The
cost of service study models used by the utilities shall be:

¥ Docket NO. E-00000J-14-0023, Decision 75859 at 15, 21.
¥ Docket NO. E-00000J-14-0023, Decision 75859 at 144,
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1) Transparent: all inputs, assumptions and calculations shall be clearly
described and explained,

2) Accessible: have electronic spreadsheets with links between inputs and
outputs made available to all parties, and

3) Flexible: to allow for the ability to change inputs and assumptions used in
the calculation.

DO THE WORKPAPERS AND MODELS THAT APS USED IN THIS CASE MEET THESE CRITERIA?
No, they do not. The workpapers were not transparent as required by the Commission.
Calculations were coded using indirect reference lookups with no explanation of how data
flowed from one section to another. While some of the hardcoded input files had useful
notes, many were missing notes entirely or contained “notes” such as “Plug to tie to C-17,
“FC Common”, “Plug a negative 18k”, “Check”, and “THIS CELL DOES NOT LINK AND
NEEDS TO BE UPDATED MANUALLY FROM CERT 19 IF BTL ADJ IS NEEDED.”

The workpapers were not accessible as required by the Commission. While the
individual workpapers contained formulas that allowed for one to change inputs and calculate
different outputs, there were no linkages between the files themselves. In order to update the
Allocation WP based on the delivered LRR, I needed to relink the files myself. To update
the CCOSS with new Allocation WP values, I had to complete a tedious and error-prone
process to overwrite hardcoded values that used different references for allocator and
subclass names in the CCOSS than in the Allocation WP. Further, the company objected as
“unduly burdensome™ a request to produce the workpapers that formed the basis of the
hardcoded values imported into the CCOSS.*

The workpapers were not flexible and required by the Commission. Only after
reverse engineering these linkages was I able to modify the CCOSS based on different inputs
that would flow from one end of the process to the other. Further, when errors were found
during discovery that impacted the solar credit calculation, the Company did not provide

updated working models, but rather a hardcoded extract from the CCOSS.*' 1 had to

4 Attachment KL-18, SEIA 2.6a.
4 Attachment KL-19, SEIA 4.8a.
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manually update the CCOSS using the hardcoded values to determine how the rest of the
model was impacted.
WHAT OTHER DIRECTIVE DID THE COMMISSION GIVE TO UTILITIES REGARDING THEIR
CCOSS?
The Commission provided specific directions on how to calculate class NCP demands in the
CCOSS, which APS has disregarded in this case. In UNS Electric Inc’s (“UNSE”) previous
rate case, the utility proposed a CCOSS that allocated distribution costs based on the Class
NCP allocator.*> UNSE proposed that the Class NCP for solar customers be based on either
the import or export of energy and be set based on the maximum value of either independent
of the peak of the class entire residential class. Under UNSE’s assumptions, the DG Class
NCP occurred in April, while the combined DG / non-DG Class NCP occurred in July.*
The Commission considered the arguments for and against this methodology, and
determined that UNSE was in error in calculating a Class NCP for the DG class that did not

coincide with the entire residential class of both DG and non-DG customers:

The Companies utilized the class NCP method which determined the NCP for the
non-DG and DG classes separately to allocate the distribution costs between DG and
non-DG customers. However, usage of the grid during times other than the net
combined NCP of the DG and non-DG classes should not be factored into the
allocation of the distribution costs as it does not drive distribution capacity costs.
Since the combined NCP for the DG and non-DG customer classes occurs in the
summer, the DG class NCP, based on exports in April, does not impact the cost of the
distribution circuit as there is plenty of excess capacity at that time...

Because the net combined residential NCP occurs in July, this is the basis for
allocating the distribution circuit costs, and it is irrelevant that the DG customers'
NCP occurs in April because the circuit must be built to serve the maximum total
residential capacity which occurs in July. No additional cost is incurred to serve the
DG customers' NCP...

[T]he Companies' use of the separate class NCP demands instead of the relative
demands each class places on the distribution system at the time of their combined
maximum demand, does not attribute the cost of the distribution system in proportion

*2 Docket No. E-04204A-15-0142, IN THE MATTER OF THE APPLICATION OF UNS ELECTRIC, INC. FOR
THE ESTABLISHMENT OF JUSTAND REASONABLE RATES AND CHARGES DESIGNED TO REALIZE A
REASONABLE RATE OF RETURN ON THE FAIR VALUE OF THE PROPERTIES OF UNS ELECTRIC, INC.
DEVOTED TO ITS OPERATIONS THROUGHOUT THE STATE OF ARIZONA AND FOR RELATED
APPROVALS.

+ Docket No. E-04204A-15-0142, Decision 76900 at 83.
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to cost causation between the DG and non-DG classes, and thus, it is inequitable. The
potential impact could be, and likely is, significant, but we cannot know the full
effect until the Companies revise their CCOSSs to reflect a more equitable allocation
based on the relative demands of each class at the time of their combined maximum
demand.**

Q66. How pDID APS CALCULATE CLASS NCP FOR ITS VARIOUS RESIDENTIAL SUBCLASSES?

A66. It calculated the value based on the maximum hour of site energy of solar subclasses and
delivered energy of non-solar subclasses, regardless whether the peak coincided with the total
residential class peak. Table 4 below shows the peak demand of the total residential class
and the independent peaks for the CCOSS subclasses, along with corrected values for both

site and delivered energy based on the actual hour of the total residential class peak.

* Docket No. E-04204A-15-0142, Decision 76900 at 83-84
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NCP Demand (MW)

Total Residential
Independent Subclass Sum
Excess NCP Demand
CCOSS Subclasses
Legacy Solar — Energy
Legacy Solar — Demand
New Solar — Energy
New Solar — Demand
R-XS

R-Basic

R-Basic LRG

R-TOU No Solar
R-Demand No Solar

Independent Class NCP
NCP Timestamp
4,022.7 Aug 5th @ 18:00
4,271.9

6.2%
NCP
412.1
26.5
53.8
223
367.3
407.5
248.6
15510
1,183.0

Timestamp
Jul 24th @ 18:00
Aug 5th @ 17:00
Jun 29th @ 17:00
Jun 29th @ 17:00
Jul 24th @ 18:00
Jul 24th @ 18:00
Jul 24th @ 18:00
Aug 5th @ 17:00
Aug 5th @ 17:00

Site Class NCP

at Res Peak
NCP | Delta %
4,022.8
4,141.9
3.0%
NCP Delta %
380.8 -7.6%
24.8 -6.6%
19.2 -64.3%
3.2 -76.5%
361.0 -1.7%
390.8 -4.1%
238.4 -4.1%
1,542.7 -0.5%
1,179.1 -0.3%

Table 4 - Independent Class NCP vs. Total Residential Class NCP

Del Class NPC

at Res Peak |
NCP Delta %
4,022.8
4,022.8
0.0%
NCP Delta %
2758 -33.1%
185 -30.1%
13.0 -75.9%
3.5 -84.0%
361.0 -1.7%
390.8 -4.1%
2384 -4.1%
1,542.7 -0.5%
1,179.1 -0.3%

Exactly zero of the independent subclass peaks occurs during the total residential

Class NCP hour of August 5", 2018 between 5 PM and 6 PM. Under the “independent”

Class NCP method, the sum of the Class NCP allocators is 6.2% higher than it should be.

Under the APS’s erroneous site load definition, the Company is still producing figures that

are 3.0% higher than based on the total residential Class NCP. Only when the proper

delivered energy is used does the sum of the subclass Class NCP demands equal the total

residential Class NCP demand value.

Further, the difference between the independent and total residential-aligned Class

NCP for solar subclass values — as anticipated by the Commission itself — are “significant”.

The New Solar subclasses see their delivered Class NCP demand value fall by 76% to 84%,

with the Legacy Solar subclasses experiencing a smaller, but still sizable, reduction between

30% and 33%. Even the non-solar customers sce a reduction in their Class NCP values,

properly reflecting the diversity of demand that occurs across a large number of customers.

Q67.

A67.

WHAT DO YOU RECOMMEND WITH REGARD TO THIS ISSUE?

I recommend the Commission reject the Company’s current methodology of using

independent Class NCP hours for its various subclasses and instead required an updated
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CCOSS that aligns subclass Class NCPs with combined total residential class as was
previously ordered for UNSE.

DID YOU FIND OTHER ERRORS IN THE COMPANY’S WORKPAPERS?

Yes. While it is not unusual for an undertaking as complex as a utility CCOSS to contain
mistakes, this underscores the need for robust transparency to ensure these mistakes can be
found and corrected. Further, when mistakes are found, the Company should provide fully
functional, updated workpapers that contain the revised information. This was not done;
instead, the Company provided hardcoded excerpts of workpapers with the updated
information.

Some of the errors I found were minor, others were more significant. I previously
discussed the improper use of the production allocator for the solar credit, which reduced the
value of the solar credit by roughly 10%. The Company also used the wrong meter costs for
solar customers, overstating the total meter costs by 23%.%* When spread over the entire
solar fleet, this leads to an over-calculation of meter costs of $9.5 million, which drives
further cost increases in the CCOSS.

The Company had incorrect customer counts in the LRR for many of residential
customer groupings. Essentially, the Company duplicated December 2018 customer counts
into January 2019, and thus the June 2019 customer counts — which were used in the
Allocation WP — reflected May 2019 and not June 2019.%° Given that several customer
classes showed substantial customer growth or loss during the test year, this error resulted in
customer counts that were understated by 6.5% and 5.3% for the R-Solar Demand and R-
Solar TOU classes, and overstated by 1.8% for R-Basic and 1.9% for R-Basic Large. These

errors ripple through the CCOSS for all costs that are allocated based on customer counts.

4 Attachment KL-20, SEIA 11.5.
4 Attachment KL-21, SEIA 10.3.
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ARE THERE OTHER METHODOLOGICAL ISSUES THAT YOU FOUND WITH THE COMPANY’S
WORKPAPERS?

Yes. I have previously discussed the primary issue of using site energy instead of delivered
energy, but the Company made several other choices that I do not agree with. The first
involves adjustments made to the subclass load shapes. The Company begins with billing
information for roughly 750,000 of its 1.1 million customers that had complete data for the
test year. A load shape is calculated for each class, and then is grossed up based on the
number of customers missing data. After this is done, the Company applies “demand
adjustors™ to conform the billing data peak demand to the total system peak as reported on
the Company’s FERC Form 1.

These demand adjustments are only applied to the delivered load of customer groups,
but not to the site load of solar customers. Further, the adjustments are quite large in the
summer months; they range from -5.7% to -6.6%.*” By applying these demand adjustments
to non-solar residential customers but not solar residential customers, the Company further
widens the gap between the site and delivered energy in its CCOSS.

While the Company adjusts the demand information from the billing system, it does
not make corresponding adjustments to the energy levels. When comparing energy usage
from the billing information to the LRR, there are instances of large disagreement in monthly
and total usage in some subclasses. Although the CCOSS does not use energy allocators
other than total energy, the inconsistency between the census billing data and the LRR results
is somewhat troubling. I recommend the Company provide more detail about how its load

shapes are established in future rate cases.

47 Attachment KL-22, SEIA 4.10.
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1 Q70. YOUMENTIONED THAT CERTAIN CUSTOMER SUBCLASSES EXPERIENCED HIGH GROWTH OR
2 SHRINKAGE OVER THE TEST YEAR. DID THE COMPANY ADJUST FOR THIS IN ITS CCOSS?

3 A70. No, itdid not, and the issue is exacerbated by the usage of a mid-year to mid-year test year.

4 In general, the number of customers taking service under the New Solar — Energy (48,581

5 customers) and New Solar — Demand (+3,372) rates grew, while the number of customers on

6 the Legacy Solar rates remained close to level. Meanwhile, the non-solar R-Basic Large (-

7 18,337) and R-Basic (-27,448) saw considerable customer erosion, while the R-TOU No

8 Solar (+17,310) and R-Demand No Solar (+23,614) saw relatively small percentage increases

9 but large customer increases. Figures 2 and 3 below show the growth trend over the test year
10 for the solar and non-solar customer subclasses, respectively.

Cutomer Growth - Solar
600%
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200% _ —

100% e

Customer Percentage Change
\

0% —

-100%
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Legacy Solar— Energy Legacy Solar — Demand =—— New Solar — Energy New Solar — Demand

11

12 Figure 2 - Customer Growth — Solar
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Customer Growth - Non-Solar
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Figure 3 - Customer Growth - Non-Solar

WHAT IS THE IMPACT OF THIS CUSTOMER GROWTH ON THE ALLOCATORS USED IN THE
CCOSS?

Because the system CP occurred during July 2018, the first month of the test year, the
absolute demand values for classes with positive growth were lower than they would
otherwise be as the number of customers was lower in the first month than in the last month.
Likewise, for customer classes that saw customer decreases, the CP value would be higher
than otherwise. The 4CP values are also impacted, with three of the four values (July,
August, and September) coming at beginning of the test year before the bulk of the customer
count changes took hold.

WHAT CUSTOMER COUNT FIGURE DID APS USE IN THE CCOSS?

APS used the final customer count in the CCOSS, although as mentioned before, these values
incorrectly represented May 2019 instead of June 2019. Regardless, by using the final
customer counts for customer allocators, subclasses with customer growth (such as solar

customers) were over-allocated customer costs compared to the average number of customers
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during the test year, while subclasses with customer reductions were under-allocated
customer costs.

How couLD THE COMPANY ADJUST FOR THIS ISSUE IN ITS CCOSS?

As a first matter, the Company can simply use fewer subclasses in its CCOSS. The total
residential class sees very little customer variation over the course of the year, growing
roughly 1.8%. However, if the Commission approves the Company’s use of myriad
subclasses, the Company can develop a load shape that is based on per-capita load rather than
absolute load. This can be done by converting hourly loads in each subclass to per capita
loads, and then expanding the per capita loads by the average number of customers in the
subclass over the year. This will smooth out the disjunction in load between June and July
that is caused by a year’s worth of customer increase or decrease and result in more
appropriate demand allocators based on individual summer hours.

WOULD THIS TYPE OF ADJUSTMENT BE UNUSUAL?

No. The Company already makes sizable adjustments to its billing data to produce its load
shapes, including normalizing individual month peak demands with 12 different demand
adjustors and using FERC Form 1 values for energy rather than results from the monthly
billing data. Creating a per-capita-based load shape and multiplying it by the average
number of customers would provide an appropriate adjustment to the sizable load growth and

shrinkage that the Company is currently experiencing in its residential customer subclasses.

The Company’s CCOSS Flaws result in an Overstatement of the Cost to Serve Solar Customers

Q75.

A7S.

DID YOU CORRECT THE ERRORS AND METHODOLOGICAL INCONSISTENCIES WITH THE
CompraNy’s CCOSS?

Yes. After | reverse-engineered the links between the Company’s LRRs, the Allocation WP,
and the CCOSS model, I produced an updated set of workpapers that enabled me to calculate

a new cost of service for solar customers.
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PLEASE DESCRIBE THE MODIFICATIONS THAT YOU TOOK.

I began with data the Company provided that was used to derive the LRRs.*® This data
included unadjusted hourly load data for each of the residential subclasses. Using corrected
data for customer counts, I first developed a per-capita hourly load profile and then expanded
the per-capita figures based on the average number of customers in each class. This
adjustment smoothed out the impact of sizable customer growth and shrinkage in the various
subclasses. Based on these updated load profiles, I calculated new load characteristics for
CP, 4CP, and Class NCP. Per the Commission’s directives, I used the hour that
corresponding to the total residential Class NCP for all subclass Class NCP values. I was not
provided the data to recalculate the Ind Max allocator from the billing data, but I was able to
adjust the Company’s original values for delivered load based on the customer count in the
month during which the Ind Max peak was set. From here, I linked a modified version of the
CCOSS to an updated Allocator WP file. This allowed the new allocators to flow into the
CCOSS. Iremoved all formulas related to the solar credit as this was rendered superfluous
by using delivered load.

DID THESE ADJUSTMENTS ONLY REDUCE THE COST TO SERVE SOLAR CUSTOMERS?

No. While some of these changes may have benefitted solar customers, others did not.
Adjusting the demand values for customer growth actually produced higher demand values
for the CP, 4CP, and Class NCP allocators for solar customers, which in turn led to more
costs being allocated than had I carried over the Company’s method. Removing the solar
credit for energy removes a credit for solar customers for self-consumed energy which is not
otherwise captured in the CCOSS. Regardless of this result, the goal of my updates was not
to produce the lowest cost for solar customers, but to instead produce a more robust and

accurate CCOSS.

4 Attachment KL-22, SEIA 4.10.
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WHAT WAS THE RESULT OF YOUR UPDATED CCOSS?

I find that the combination of using delivered load allocators, resolving errors, using the
Commission-directed Class NCP method, and adjusting for customer growth reduced the cost
to serve the solar subclasses by approximately $6.1 million, from a total of $182.3 million in

its original filing to $176.2 million under my update, as seen in Table 5 below.

$mm Updated Original Delta Delta
SEIA CCOSS  APS CCOSS %
Total Residential $1,976.2 $1,9746 $1.6 0.1%
All Solar $176.2 $182.3 (86.1)  -3.3%
All Non-Solar §1,800.0 $1,7923 $7.6 04%
Legacy Solar — Energy $149.6 $155.3 | ($5.7) | -3.7%
Legacy Solar — Demand $8.9 $7.8  S$SL.1 14.7%
New Solar — Energy $13.1 $145 (§1.4) -9.5%
New Solar — Demand $4.6 $4.7 (50.2) -3.2%
R-XS | $233.3 $233.2  $0.1  0.0%
R-Basic $178.4 $183.1  ($4.6)  -2.5%
R-Basic LRG $93.9 $99.9 ($6.0) -6.0%
R-TOU No Solar | $734.0 $723.9 $102 1.4%
R-Demand No Solar $560.3 $552.3  $8.0 1 1.5%

Table 5 - Updated vs. Original CCOSS Results

HOW DO YOU INTERPRET THESE OVERALL RESULTS?

There are two changes that occur between the updated and original results. The first relates
to the use of the delivered load allocators rather than site allocators. As discussed previously,
this should have resulted in a reduction of the total residential cost allocation due to the
smaller share of the zero-sum total jurisdictional allocator. However, the results above do not
bear that out. The second relates to the unwinding of the solar credit. It is possible that
additional income tax and proforma adjustments related to the Company’s implementation of
the solar credit is responsible for the residential class seeing a small increase in costs. It is
also possible that the decision to bring into the CCOSS the energy savings associated with
the whole of solar production overstated the savings that were attributed to solar customers
under the site / solar credit methodology. Regardless of whether the Company agrees with

the use of delivered load allocators for solar customers, I recommend the Commission require
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the Company to demonstrate why the use of delivered load allocators in its CCOSS results in
a higher total residential revenue requirement than the site / solar credit methodology despite
the former resulting in a smaller sum of allocators.

ARE THERE OTHER WAYS TO LOOK AT THIS DATA THAT SHEDS LIGHT ON THE RELATIVE
COST TO SERVE DIFFERENT CUSTOMER SUBCLASSES?

Yes. Because the CCOSS contains each of the allocators applied to different functionalized
costs (e.g. production, transmission, energy, etc.), one can calculate the effective cost per unit
of allocator. Figure 4 below shows these results. The Legacy Solar subclasses are in green,
the New Solar subclasses in orange, and the non-solar subclasses in blue, along with the total

average residential value in red.

CCOSS Breakdown by Allocator
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Figure 4 - CCOSS Breakdown by Allocator

There are only a few instances in which the any of the subclasses are materially
different from the total residential values or from each other. The first is for the Legacy Solar
subclasses for transmission, where these subclasses have a lower transmission cost per 4CP
result than the rest of the subclasses. The second is the energy costs per kWh, where the R-

Basic and R-Basic Large have somewhat lower costs per kWh than solar customers, the new
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non-solar rates, or the total residential class. The final is customer costs, where solar
customers have a much higher cost than the total residential class. For all other values, the
results of all of the solar subclasses are very similar to both the total residential class and
non-solar customers.

ARE THERE CAVEATS REQUIRED FOR THIS ANALYSIS?

Yes. The unit cost results above are a function of two values: the classified costs allocated in
the numerator, and the value of the allocator (e.g. kWh or NCP kW) in the denominator.
When subclasses differ from the overall residential average, it can be because more or fewer
costs in this category were allocated compared to other subclasses with the same allocator
values, or that the same costs were allocated but measured against higher or lower values for
the allocators. As such, one must be cautious when generalizing the results above to make
statements about one customer subclass being more expensive than another.

For instance, it may be tempting to suggest that the Legacy Solar customers have a
lower cost of transmission than other solar customers or other non-solar customers.
However, the CCOSS has transmission-related adjustments related to non-ACC jurisdictional
costs and direct assignments that appear to be outside of the typical allocator method. Given
the consistency of the other subclasses, the root cause of the Legacy Solar transmission unit
costs may lie outside of the allocation process within the CCOSS.

WERE YOU ABLE TO TRACE THE CAUSE OF THE LARGE DIFFERENCE IN THE CUSTOMER
COSTS FOR SOLAR CUSTOMERS?

Yes. The bulk of the customer cost difference comes from the Company’s allocation of
customer costs for meters, with a smaller increase due to the relative credits and debits for the
E-3 (Residential Energy Support Program) and E-4 (Residential Medical Care Equipment
Support Programs). Figure 5 below shows the relative cost per customer for each of the

customer-related categories.
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Figure 5 - CCOSS Customer-Related Cost per Customer

The non-meter costs are very similar for each customer category, which makes sense
given the nature of those costs. Solar customers take fewer E-3 and E-4 credits than non-
solar customers, and given that these costs are recovered across all customer subclasses on a
per kWh basis, the net flow of E-3 and E-4 funds is a net cost for the solar customers and a
net benefit for the non-solar customers. However, the metering costs are starkly different.
On average, solar customers are allocated about $220 per year, or $18 per month, in the
CCOSS.

WHAT DRIVES THE LARGE DIFFERENCE IN METERING COSTS?

There are two factors that drive the metering cost disparity between solar and non-solar
customers. The first is that APS requires solar customers to install two meters — one bi-
direction meter to measure usage and exports, and a production meter to measure just the
generation from the solar system. APS uses a bi-directional meter that is nearly three times
as expensive ($310) as its standard AMI meter ($106). It also claims that the “shop cost”

required to test and validate the bi-direction meter is more than eight times as expensive.*’

4% Attachment KL-20, SEIA 11.5.
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Together, the total metering cost for solar customers is $452.83, compared to a total cost for
non-solar customers of $137.06.

WHY DOES APS CLAIM IT NEEDS TO SPEND THIS MUCH ON SOLAR METERING?

While APS admits that production meters are not needed for billing, it states that its solar

metering configuration is used

to determine performance-based incentives for solar customers, to study and monitor
the grid impacts from distributed solar, to calculate the Company’s Lost Fixed Cost
Recovery adjustment, to calculate cost of service, and to track compliance with
regulatory mandates. In addition, the Commission requires APS to utilize production
meters for compliance purposes. Please see Decision No. 72737 (January 18, 2012).%°

CoULD SOME OF THESE TASKS BE PERFORMED WITHOUT THE PRODUCTION METER OR WITH
A LESS-EXPENSIVE CONFIGURATION?

Yes. Despite the original discovery question explicitly referring to residential meters, and its
response that production meters are required for performance-based incentives for solar
customers, the Company ultimately admitted that is has never offered production-based
incentives to residential customers.”' Further, it has requested a waiver from the Residential
DG Carve Out Requirement for program years 2017, 2018, 2019, 2020, and 2021, having
received approval in the first three and awaiting approval in the last two.*

The “cost of service” reference above likely corresponds to the Company’s use of the
site load / solar credit process in the CCOSS study. However, as discussed above, this
approach is neither necessary nor appropriate. The Company can shift its CCOSS to using
the delivered load metric that does not required a production meter.

Finally, modeling of PV systems has become more sophisticated in recent years.
While the Company claims it still uses production meters for its Lost Fixed Cost Recovery
mechanism, it is certainly possible to model the production of its systems rather than relying

on product meter readings. While the accuracy of modeling may be slightly lower than

0 Attachment KL-23, SEIA 7.1
31 Attachment KL-24, SEIA 31.1
2 Attachment KL-24, SEIA 31.1
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production meter results, this loss of precision must be measured against the millions of
dollars in costs that are incurred by requiring production meters.
WHAT IS THE IMPACT OF THE COMPANY’S SOLAR CUSTOMER METERING CONFIGURATION?
Under my updated CCOSS, which corrects the Company’s erroneous metering costs found in
its original filing, the revenue requirement associated with the “meters” cost category is
$26.8 million for 86,646 solar customers. If the same configuration were used as normal
customers, the cost for metering would be just over $8.1 million. The delta between these
two values means that every MWh of solar outflow incurs $17.76 in incremental metering
expenses. Considering that the bulk of the Company’s solar credit for energy is valued at
$28.95 / MWHh, this means that roughly two-thirds of the benefit the Company ascribes to
rooftop solar energy is eaten up through additional metering costs.*
WHAT DO YOU RECOMMEND WITH THIS ISSUE?
I recommend the Commission direct the Company to investigate ways of reducing metering
expenses associated with solar customers. Several of the Company’s main justifications for
production meters — performance-based incentives, regulatory compliance, and cost of
service modeling — do not appear to require production meters at all. Even those that do can
be transitioned to an alternative approach. Modeling software has increased in sophistication
since the Commission required production meters in 2012; determining production for
residential solar customers for the Lost Fixed Cost Recovery mechanism could be done
through modeling rather than hardware.

Further, it appears that the Company is installing bi-directional meters that are much
less expensive than those captured in the CCOSS.>* Although this change may not have a
major impact on the meter costs in the current case, the Commission should direct the
Company to properly reflect metering costs based on the future mix of meters in the field

rather than simply assuming every customer has the most expensive meter installed.

33 Attachment KL-15, SEIA 4.3
* Attachment KL-24, SEIA 31.1

53



10

11

12
13
14
15
16
17

Q88.

ASS.

Q89.

AR89.

$2,000 $1,776 $1,788
$1,500

$1,000

EVEN WITH THE CURRENT METERING CONFIGURATION, HOW DOES THE TOTAL COST PER
CUSTOMER COMPARE BETWEEN SOLAR AND NON-SOLAR CUSTOMER SUBCLASSES?

Figure 6 below shows the total cost per customer from the CCOSS, with the hashed areca
representing meter costs and the solid area representing non-meter costs. The total cost per
customer, which does not account for changes in customer size, shows that the cost to serve
solar customers is roughly equivalent for similar-sized customer subgroups. That is, the cost
to serve larger solar customers, such as those on the Legacy PV — Demand tariff, are similar
to the cost to serve large non-solar customers, such as those on the R-Demand No Solar tariff.
Likewise, medium-sized solar customers are similar to medium-sized non-solar customers.
The sizable differences in metering costs is a clear contributor to the overall difference in

total cost per customer.

Total CCOSS Per Customer
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Figure 6 - Total CCOSS Per Customer

IS THERE ANOTHER WAY TO COMPARE THE COST TO SERVE SOLAR CUSTOMERS WITH THE
COST TO SERVE NON-SOLAR CUSTOMERS?
Yes. Another way to highlight this difference is by looking at the non-metering costs on their

own against the subclass’s delivered energy requirements. The additional production meters
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are not required for billing purposes and provide no specific value to customers. While the
Company in the past may have relied on the production meter data to comply with its
Renewable Energy Standard and Tariff (“REST”) obligations, it currently obtains waivers
from the Commission.” Figure 7 compares the non-metering costs for each residential
subgroup, highlighting the general parity between the solar and non-solar classes for the

production, transmission, distribution, and energy components of the cost of service.
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Figure 7 - Non-Meter Costs per kWh

Q90. PLEASE SUMMARIZE YOUR RECOMMENDATIONS FROM THIS SECTION OF YOUR TESTIMONY.

A90. I recommend the Commission require the following changes to the Company’s CCOSS

methodology:

e Utilize more modern cost allocation approaches such as those recommended by the RAP

Manual that are better suited to the operation of modern utilities.

e Provide more detail in how load shapes are calculated from billing information, including

more information about demand and energy adjustments.

e Recombine solar customers with non-solar customers in the CCOSS and rate design
process.

33 Attachment KL-24, SEIA 31.1
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Use delivered energy rather than site energy for solar customers.
Remove the “solar credit” concept from the CCOSS.

Properly adhere to the Commission’s requirement that the CCOSS workpapers be
transparent, accessible, and flexible as directed in Decision 75859.

Properly adhere to the Commission’s requirement that residential subclass Class NCP
values are calculated based on the same hour as the combined total residential Class NCP
as directed in Decision 76900.

Develop a more robust method to account for customer growth over the test year in the
CCOSS:

Investigate ways to reduce metering costs for solar customers.
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THE COMPANY'’S PEAK HOURS ARE NOT OPTIMALLY ALIGNED WITH SYSTEM

AND CLASS LOAD

PLEASE PROVIDE AN OVERVIEW OF THIS SECTION OF YOUR TESTIMONY.

In this section, I discuss the Company’s current rate design for its universally-available R-
TOU-E, R-2, and R-3 tariffs. I begin by analyzing the Company’s system and residential
class loads over the past four years to identify trends that inform the rate design process.
After this, I discuss an alternative rate design that will better align rates with system loads
and offer customers more accurate price signals.

WHAT ARE YOUR PRIMARY CONCLUSIONS?

I find that the Company’s current choice of seasonal months and peak hours are inconsistent
with the actual load conditions that drive costs. There is no analytical justification for a year-
round peak period, and little basis to include the shoulder months of May and October in the
“summer’’ season. | also find that the current peak hours of 3 PM to 8 PM are not optimally
aligned with system and class load conditions, resulting in price signals that are weaker than
necessary.

After this discussion, I propose an alternative rate design to replace the Company’s
flagging R-TECH rate that is designed to facilitate users to control their loads, generation,
and storage systems in a manner that works to reduce their individual bills and overall system
costs. This rate features a June to September summer period with a 2 PM to 7 PM peak
period, no Grid Access Charge, and a higher summer on-peak rate. Together, this optional
rate will better support active management of load to reduce costs for all of the Company’s

customers.
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The Company's Peak Hours are Not Optimally Aligned with System and Class Loads

WHAT ARE THE PEAK HOURS FOR THE COMPANY’S CURRENTLY-AVAILABLE TIME
DIFFERENTIATED RATES FOR RESIDENTIAL CUSTOMERS?

While the Company’s legacy rates had peak periods of 9 AM to 9 PM or 12 PM to 7 PM, its
current R-TOU-E, R-2, and R-3 rates have a peak period of 3 PM to 8 PM on non-holiday
weekdays. These peak hours are used for both billing energy and demand. Although the
Company has shortened the duration of the peak period over the years, the Company’s use of
year-round demand charges does not send meaningful price signals outside of the core
summer months.

WHY IS THIS THE CASE?

It is because the Company’s system is built to handle peak loads which disproportionately
occur during July and August. Figure 8 below shows the average load profile for each month
for the years 2016-2019. As is clearly visible, the Company does not have two seasons a
year. The peak demand occurs during the two core summer months of July and August.
June and September still produce high peaks, but the average peak load is nearly 800 MW
lower than the core summer months. Outside these four months, peak demand falls
dramatically. Shoulder months in green (March — May and October — November) are milder
and see flat load with a modest afternoon peak and no morning peak. The core winter
months of December to February in blue are distinguished by a morning peak and a smaller
evening peak. Regardless, the absolute demand levels in the shoulder and winter months are
well below the summer system peak values. Clearly, if APS has sufficient capacity to serve

its summer loads, it has more than enough to serve winter and shoulder loads.
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Figure § - Average System Load Profile 2016-2019.

Figure 9 below focused on the peak load hours and shows the top 500 system load
hours from 2016 through 2019. Exactly zero of these peak hours occur outside of the core
summer months of June to September, and 81% occurred during July and August. Notably,
the hours between 2 PM and 7 PM (HE 15 to HE 19) contain a higher percentage of peak

system hours (85.4%) than the Company’s current peak hours of 3 PM to 8 PM (75.2%).
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Figure 9 - Top 300 System Load Hours 2016-2019

Q95. DID YOU ALSO ANALYZE THE TRENDS IN THE RESIDENTIAL CLASS LOAD?
A95. 1did. The residential class tends to peak slightly later than the system peak, but otherwise
shows remarkable similarity to the system peak over the months. The same three grouping of

months are present as with the system load as seen in Figure 10 below.
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Likewise, the top 500 hour analysis show in Figure 11 below has the same shape in

terms of core summer months being responsible for peaks, although there are slightly more

peak hours that fall in the 7 PM to 8 PM range than for the system peak.
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WHAT DOES THE FIGURE ABOVE MEAN FOR DEMAND-BASED CHARGES THAT RECOVER
GENERATION CAPACITY COSTS?

It means that the Company’s demand charges for generation are not well aligned with cost-
causation. As a first matter, based on the system load over the past four years, there are no
generation capacity costs that are driven by winter loads. The highest load in the past four
years in the “winter” months was the 5,100™ hour and had a load of 4,309 MW. This is only
62% of and nearly 2,700 MW lower than the peak demand of 6,995 MW. The “winter” loads
are simply not driving the Company’s peak demand needs.

While the R-3 tariff does have a higher generation demand charge in the summer than
in the winter, the R-2 rate does not. Customers on the R-2 rate are told through their rates
that a demand reduction at 5 PM in July is just as valuable to the system as a demand
reduction at 8 PM in April. Clearly this is not the case, and as such, demand charges during
winter months are not sending meaningful prices signals to customers as there is no
generation capacity benefit of reducing demand during this time.

DOES THE SAME HOLD TRUE FOR DEMAND-BASED CHARGES THAT RECOVER DISTRIBUTION
COSTS?

The case is not as clear for distribution costs, which are allocated based on the residential
class peak for primary distribution assets and on the sum of individual customer maximum
demand for secondary distribution assets. The residential class has peaked between 5 PM
and 6 PM in each year between 2016 and 2019, suggesting that primary distribution costs are
well aligned with the overall system peak. As with generation demand, there is no
incremental distribution demand need in the winter and shoulder months that cannot already
be served by the distribution system built for the summer peak. That said, it may be the case
that some secondary distribution system elements peak during winter hours, particularly for
feeders serving many customers with electric heating.

However, both the R-2 and R-3 tariffs charge a constant demand rate of $4.09 / kW

for billing demand during peak hours throughout the year. Maintain a constant distribution
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demand charge across all months clearly over-recovers costs during winter months and

under-recovers costs during summer months compared to costs driven by distribution

demand.
HAVE THESE PEAK HOURS SHIFTED OVER TIME?
Not really. Figures 12 and 13 below show the number of top 100 load hours from each year
that fall into any given hour period along with the average peak time of the year.”® The
system peak hours were very stable between 2016 and 2018, varying less than 6 minutes.
There was a shift towards an earlier peak in 2019, with the weighted average hour moving
forward to 3:54 PM. The residential system was more stable over the years, with peaks
falling between 5:04 PM and 5:19 PM in each of the years.
System Peak Hours in the Top 100 Hours by Year
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Figure 12 - Top 100 System Load Hours by Year

3 The times here represent the average of the peak hour weighted by hour of the day A peak hour was assigned a
value on the half hour, so a top 100 hour that fell between 1 PM and 2 PM was weighed with a value of 1:30 PM.
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Residential Peak Hours in the Top 100 Hours by Year

100 9:00 PM
0 8:00 PM
80
700pm W21
70 m20
€6 B:00PM  Lig
50 4 s:00pvm W18
40 ] ; I ] i 1 . w17

4:00 PM
W16

Top 100 Hours by Hour

30 . !
3:00PM m®m15

20
mi14

10 2:00 PM

1:00 PM
2016 2017 2018 2019

Figure 13 - Top 100 Residential Load Hours by Year

DOES THE COMPANY APPEAR TO BE TARGETING THE OPTIMAL MONTHS AND HOURS IN ITS
R-TOU-E, R-2, AND R-3 RATES?
No, it does not appear to be targeting the optimal months or hours. There appears to be little
basis for a year-round peak period, much less one with equal or nearly equal rates between
winter and summer. The Company’s R-TOU-E proposed peak winter energy rate is
$0.23552 / kWh, not even two cents less than its proposed summer peak rate of $0.24823 /
kWh. The R-2 rate has the same demand charge year-round, with a similarly small 2.3 cents
/ kWh spread between summer and winter peak rates. There also does not appear to be
justification for a six-month “summer” given the low load conditions of May and October.
Figure 9 above shows that the top 500 system load hours show that the most
appropriate four-hour peak is between 2 PM and 6 PM and the most appropriate five-hour
peak between 2 PM and 7PM. 1t is also clear from this figure that the hour between 2 PM
and 3 PM contains more peak hours than the hour between 7 PM and 8 PM. The case is not
as clear for primary system distribution costs, which are allocated based on class peak. The

peak hours of 3 PM and 8 PM are better aligned with the residential class distribution peak
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than with the system peak hour but shifting to 2 PM to 7 PM would still capture over 85% of
the peak hours in the past four years.

The hours have not shifted notably over time either. Had there been a trend towards
later peaks in either the system load or the residential load, then maintaining the current 3 PM
to 8 PM may be warranted. But it appears that the hours of 2 PM to 7 PM do a better job
targeting both system load and residential load.

BUT IF THE COMPANY SHIFTED TO A FOUR-MONTH SUMMER PEAK PERIOD, WOULD ITS ON-
PEAK RATES INCREASE SUBSTANTIALLY?

Not necessarily. The Company has much latitude in developing revenue-neutral rates that
can reflect a balance between summer and winter, peak and off-peak, and demand and energy
rates. The Company should be able to develop a rate that more properly reflects the summer-
peaking nature of its system without making summer on-peak energy rates excessive.

WHAT DO YOU RECOMMEND REGARDING THIS ISSUE?

Both the system and class peaks are dominated by summer loads. Further, the summer loads
are only significant in the core months between June and September. Setting peak hours
between 3 PM and 8 PM year-round produces rates that do not send meaningful price signals
for 8 months a year. I recommend the Commission reconsider the appropriate time and
duration of peak hours that are affecting customers today and require the Company to refile
its R-2, R-3, and R-TOU-E residential rate designs with a 2 PM to 7 PM peak from June to
September that better reflect the cost drivers on APS’s system. If evolving data
unequivocally demonstrates that this time period no longer reflects the most balanced set of
hours for residential customers (taking into account factors such as customers usage, solar
penetration, customer acceptance, and equity issues), the Commission can make adjustments

at a future time.
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Q102., WHAT IS THE R-TECH TARIFF?

A102. The R-TECH tariff is a pilot rate that is designed to “test the ability and desire of
participating residential Customers to reduce On-Peak energy and demand usage through
multiple behind-the-meter technologies.”” To qualify for the rate, customers must have two
or more qualifying “primary” technologies or one qualifying primary technology and two
qualifying “secondary” technologies. The list of primary and secondary technologies is
found in Table 6 below. The tariff was approved in August 2017 and was initially limited to

10,000 customers.

Primary Qualifying Technology Secondary Qualifying Technology
Rooftop PV system > 2 kWpc Device with variable speed motor (pool pump, HVAC)
Chemical storage system >4 kWh Grid-interactive water heating system
Electric vehicle Smart thermostat

Automated load controller
Table 6 - R-TECH Tariff Qualifving Technologies

Q103. HOW MANY SOLAR AND N